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. INTRODUCTION AND PURPOSE

PLEASE STATE YOUR NAME AND BUSINESS ADDRESS.

My name is Glen A. Snider. My business address is 400 South Tryon Street,
Charlotte, North Carolina 28202.

BY WHOM ARE YOU EMPLOYED AND IN WHAT CAPACITY?

I am currently employed by Duke Energy as Director of Carolinas Resource
Planning and Analytics.

Q. PLEASE DESCRIBE YOUR CURRENT RESPONSIBILITIES IN
YOUR POSITION WITH DUKE ENERGY.

A. I am responsible for the supervision of the Integrated Resource Plans (“IRPs”)
for both Duke Energy Carolinas (“DEC”) and Duke Energy Progress
(“DEP?”), collectively referred to as the Utilities (“Utilities”) or the Companies
(“Companies”). In addition to the production of the IRPs, | have
responsibility for overseeing the analytic functions related to resource
planning for the Carolinas region. Examples of such analytic functions
include unit retirement analysis, the analytical support for applications for
certificates of public convenience and necessity (“CPCN”) for new
generation, and analysis required to support the Utilities’ avoided cost
calculations that are used in the biennial avoided cost rate proceedings.

Q. PLEASE BRIEFLY SUMMARIZE YOUR EDUCATIONAL AND
PROFESSIONAL EXPERIENCE.

A My educational background includes a bachelor of science in mathematics and

a bachelor of science in economics from Illinois State University. With
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respect to professional experience, | have been in the utility industry for over
twenty years. | started as an associate analyst with the Illinois Department of
Energy and Natural Resources, responsible for assisting in the review of
Illinois utilities' integrated resource plans. In 1992, | accepted a planning
analyst job with Florida Power Corporation and for the past twelve years have
held various management positions within the utility industry. These
positions have included managing the Risk Analytics group for Progress
Ventures and the Wholesale Transaction Structuring group for ArcLight
Energy Marketing. Immediately prior to the merger of Duke Energy
Corporation and Progress Energy (“Duke-Progress Merger” or “Merger”), |
was Manager of Resource Planning for Progress Energy Carolinas.

ARE YOU INTRODUCTING ANY EXHIBITS IN SUPPORT OF YOUR
TESTIMONY?

Yes. Snider Exhibit 1 is the Duke Energy Photovoltaic Integration Study,
conducted by Pacific Northwest National Laboratory, published on March 25,
2014,

WHAT IS THE PURPOSE OF YOUR TESTIMONY IN THIS
PROCEEDING?

The purpose of my testimony is to support the Utilities’ proposed
methodology for avoided capacity cost calculations and other
recommendations related to the Companies’ payments to qualifying facilities
(“QFs”) pursuant to the Public Utility Regulatory Policy Act of 1978

(“PURPA’). More specifically, my testimony responds to the questions posed
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by the North Carolina Utilities Commission (the “Commission”) in its Order
in Docket E-100, Sub 140 issued on February 25, 2014 and provides further
recommendations relating to the fair and appropriate calculation of avoided
capacity costs used to compensate QFs under the Companies’ standard
avoided cost tariffs. My testimony is organized into the following sections:
1. Explanation of the peaker methodology to calculate avoided
costs under PURPA;
2. Proposed modifications to the avoided capacity cost calculation
methodology;
3. Proposed modifications to the avoided energy cost calculation
methodology; and
4, Proposed changes to the standard avoided cost tariff eligibility
limits.
PLEASE SUMMARIZE THE RECOMMENDATIONS THAT YOU
ARE MAKING TO THE COMMISSION ON BEHALF OF THE
COMPANIES.
As set forth in greater detail in my testimony, I make the following
recommendations with respect to the calculation of avoided costs for purposes
of setting rates in DEC’s and DEP’s standard avoided cost tariffs, Schedules
PP-N/PP-H and CSP, respectively:

OVERALL CALCULATION METHODOLOGY

1. The Commission should approve use of the peaker methodology to

establish avoided energy and avoided capacity rates;
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AVOIDED CAPACITY COST CALCULATION AND

PAYMENT

2.

The Commission should establish the parameters of key inputs
used to calculate the installed cost of a combustion turbine (“CT”)
for purposes of calculating avoided capacity costs;

The Commission should approve standard rates that pay capacity
credits to QFs on a per-kilowatt-hour (“kWh”) basis;

The Commission should reduce the special 2.0 Performance
Adjustment Factor (“PAF”) for new small hydroelectric QFs to
1.05, but grandfather the payment of the 2.0 PAF to all existing
small hydroelectric QFs;

The Commission should reduce the PAF for all new QF contracts
to 1.05.

The Commission should modify the approved avoided capacity
cost calculation methodology to account for and provide relative
capacity value to QFs based on the actual need of the utility for
incremental generating capacity over the term of the standard tariff

contract;

AVOIDED ENERGY COST CALCULATION

The Commission should modify the calculation of avoided energy
costs to recognize specific measurable integration costs imposed
on the Companies’ systems associated with intermittent solar

generation;
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8. The Commission should approve a modification to the calculation
of avoided energy costs to adjust for lost production cost benefits
associated with the unit being avoided by the QF purchase;

0. The Commission should approve the elimination of multiple
definitions of peak and off-peak within the same rate structure and
establish a single, unified tariff schedule using Option B; and

TARIFF ELIGIBILITY

10.  The Commission should reduce the eligible capacity limit for
standard tariffs from 5 megawatts (“MW?”) to 100 kilowatts

(“kw”).

These specific recommendations are designed to improve the accuracy
and equity in the avoided cost calculation process. These recommendations
are intended to align the costs customers pay for QF energy and capacity with
the avoided cost benefits created by such purchases. In doing so, customers

are indifferent between purchasing QF power and traditional power.

Docket No. E-100, Sub 140
Glen A. Snider Direct Testimony Page 6

OFFICIAL COPY

Apr 25 2014



10

11

12

13

14

15

16

17

18

19

20

21

22

23

CALCULATION OF AVOIDED COST RATES UNDER THE PEAKER

METHODOLOGY

PLEASE DESCRIBE THE PURPOSE OF AVOIDED COST RATES.
Avoided cost rates are the rates established by the Commission for power that
North Carolina utilities purchase from QFs. The rates are referred to as
“avoided cost rates” because PURPA provides that the rates to be paid to QFs
should be at or below what it would have cost for the utility to generate the
power itself (i.e. the utility’s avoided costs). Under PURPA, State regulators,
such as this Commission, have the discretion to determine the specific
methodology to be used to determine what constitutes avoided cost. State
regulators must follow PURPA guidance that avoided costs should reflect the
costs of energy and capacity that would have otherwise been incurred by a
utility but for the purchase from the QF supplier. As a result, customers
should be indifferent since they are neither benefited from nor harmed by the
purchase from a QF.

HOW ARE THE COMPANIES’ AVOIDED COSTS CALCULATED?
As approved by the Commission, DEC and DEP have consistently used the
“peaker methodology” to determine avoided capacity and energy costs for
setting the avoided cost rates paid to QFs.

HOW DOES THE PEAKER METHODOLOGY WORK?

The peaker methodology is designed to determine a utility’s marginal capacity
and marginal energy cost, and therefore, can be applied to quantify a utility’s

avoided costs for purposes of pricing power purchases from QFs.
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More specifically, the peaker methodology approximates a utility’s avoided
energy cost through estimates produced by generation production cost
modeling. This approach assumes that when a utility’s generating system is
operating at equilibrium, the installed fixed capacity cost of a peaker CT plus
the variable marginal energy costs of running the system will produce the
marginal capacity and energy cost that a utility avoids by purchasing power
from a QF. The Commission has also recognized the theoretical corollary of
the peaker methodology, which provides that even if a utility’s next planned
unit is not a simple cycle peaker, the “peaker methodology” still accurately
represents a valid estimate of the utility’s avoided costs. This fact is
supported by the resource planning process in which building incremental
peakers for capacity and relying on the remaining system for marginal energy
is always an option within the planning process. Simple cycle CTs represent
the lowest capital cost resource option from a fixed cost perspective and thus,
they are the marginal resource of choice. The utility only selects more
expensive capital facilities, such as natural gas combined cycle baseload units,
when the incremental efficiency of the unit (as compared to a simple cycle
peaker) provides enough marginal energy value to more than compensate for
the incremental capital. Stated simply, the fuel savings of a baseload plant
will offset its higher capital costs, producing a net cost no greater than the

capital costs of a peaker.
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PLEASE DESCRIBE THE DIFFERENCE BETWEEN AVOIDED
ENERGY COSTS AND AVOIDED CAPACITY COSTS AS APPLIED
UNDER THE PEAKER METHODOLOGY.

Avoided energy costs represent an estimate of the variable costs that are
avoided and would have otherwise been incurred by the utility but for the
purchase from a QF. Avoided energy costs, which are expressed in dollars
per megawatt hour ($/MWh), include items such as avoided fuel and avoided
variable operation and maintenance (“VOM?”) costs. Avoided capacity costs,
on the other hand, represent fixed costs associated with construction,
financing and staffing of a CT. The fixed costs are the annual costs incurred
to have production capacity available and dispatchable on demand. These
costs do not depend on the actual use of the CT but rather the costs to build
the CT and have it available to meet customer demand. Fixed costs associated
with one kW of capacity are normally represented as a $/kW-Yr value for
each kW of CT capacity that could be avoided. As an analogy, if one was to
purchase an electric vehicle, the avoided gasoline and avoided oil changes of a
gas-powered vehicle would be the equivalent of avoided energy costs, which
include avoided fuel costs and VOM. In addition, to the extent the electric
vehicle offsets the purchase of a gas-powered vehicle; the car payment for the
gas-powered vehicle would represent the avoided fixed capacity payment. In
this example, the QF (or electric vehicle) would be paid a rate equal to the

avoided gasoline and oil (energy) of the gas-powered vehicle plus, to the
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extent a gas powered vehicle was avoided, the avoided car payment for that
vehicle (capacity).

HOW ARE AVOIDED ENERGY COSTS CALCULATED UNDER THE
PEAKER METHODOLOGY?

In any given hour, the Utilities will have a variety of units online such as
hydro-electric, nuclear, natural gas combined cycle, coal, natural gas simple
cycle CTs and diesel fuel oil CT resources. These units all have differing
variable fuel and operating costs that are dispatched on an economic basis to
meet instantaneous load obligations. The peaker methodology credits the QF
for avoiding energy from the most expensive unit otherwise known as the
marginal unit. For illustrative purposes the table below presents a simplified
example of an economic dispatch for five hours given a fleet of six different
10 MW generators each with differing variable fuel and operating costs.
Please note that the generators come online in economic order when load

grows and are taken offline in reverse order when load declines.
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Unit Variable Costs Per Hour ($ per MWh)
Illustrative Only

Hour -----===mmmmu-- Hour 1 | Hour 2 | Hour 3 | Hour 4 | Hour 5
Load --------------- 30MW | 40MW | 50MW | 50MW | 40MW

Resources Online

Older Fleet CT (10 MW)

Gas CT (10 MW) $55 | $55

Coal (10MW) $42 | $42 | $42 | 42
Combined Cycle (10 MW) $35 $35 $35 $35 $35
Nuclear (10 MW) $8 $8 $8 $8 $8
Hydro (10 MW) $2 $2 $2 $2 $2

Average Fuel Cost ($/MWh) | $15.00 | $21.75 | $28.40 | $28.40 | $21.75

Marginal Fuel Cost ($/MWh) | $35.00 | $42.00 | $55.00 | $55.00 | $42.00

In the case of the peaker method, the variable costs that are deemed
avoided are the variable fuel and operating costs associated with the most
expensive unit in that hour. Thus, in this example, a QF producing in these
hours would receive credit for avoiding the marginal fuel costs shown in the

table above.
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IN GENERAL TERMS, HOW ARE AVOIDED CAPACITY COSTS
CALCULATED UNDER THE PEAKER METHODOLOGY?

As | discuss in more detail later in my testimony, the peaker method credits
avoided capacity value to the QF based on the utilities’ cost to construct a
simple cycle CT. These costs represent the fixed capital, financing and
operating costs associated with the construction and operation of a CT facility.
The fixed investment costs are then converted to an annual per unit value ($
per kW-Yr) cost that includes both the recovery-of and return-on the
investment in the CT, along with the annual fixed operating costs such as
staffing. Once an annual value is established, it is allocated to the on-peak
hours defined in the avoided cost rate schedule. In the analogy of the QF
being the electric vehicle, the avoided capacity cost is the annual car payment
for the avoided gas-powered vehicle along with other fixed costs such as
taxes.

FOLLOWING THE EXPLANATION ABOVE, WHY IS IT
APPROPRIATE FOR A SIMPLE CYCLE CT TO BE USED AS THE
BASIS FOR AVOIDED CAPACITY VALUE?

The Companies only elect to build units more expensive than a simple cycle
CT, like a natural gas combined cycle (*“CC”), if the lower lifecycle fuel and
other variable costs of the CC offset the higher fixed costs of the CC over the
life of the facility. In that situation, the justification is that the CC not only
provides reliable capacity, but also results in reduced energy costs relative to

system marginal costs. In the previous example, a new CC would produce $7
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per MWh savings (the difference between its $35 per MWh cost and the $42
per MWh System Marginal cost) in hours 2 and 5 while producing $20 per
MWh savings in hours 3 and 4. In comparison, a new CT, which produces
reliable capacity when needed, but does not produce energy cost savings in
the example because its variable costs are at or above the system’s marginal
cost in all five hours represented. From an avoided cost perspective, it is clear
that it would be incorrect to associate the avoided fixed cost of a CC with
system marginal energy costs since the CC itself produces below the marginal
energy cost in some hours. As such, utilizing the CC as the avoided cost
proxy would result in an avoided energy cost less than the system marginal
energy cost. However, in this example, the CT does not produce below
system marginal energy cost. In this instance, it would be appropriate from an
avoided cost perspective to calculate both the full system marginal energy cost
as the avoided energy cost and the fixed CT cost as the avoided capacity cost
since the CT itself has no additional energy benefit.

Q. DO THE COMPANIES RECOMMEND THE COMMISSION
APPROVE THE CONTINUED USE OF THE PEAKER
METHODOLOGY TO CALCULATE AVOIDED CAPACITY COSTS?

A. Yes.

Q. DOES THE PEAKER METHODOLOGY ALLOW THE COMPANIES
TO FAIRLY AND APPROPRIATELY CAPTURE AND ESTIMATE

THEIR AVOIDED COSTS OR THE COSTS THAT WOULD HAVE
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OTHERWISE BEEN INCURRED BUT FOR THE PURCHASE FROM
THE QF?

A. Yes. If properly applied, the use of the peaker methodology provides a
reasonable and appropriate estimate of the costs that would have otherwise
been incurred but for the purchase from a QF facility. The Companies are not
recommending that the Commission approve a different methodology to
calculate avoided costs; however, the Companies believe that application of
the peaker methodology should be refined or modified in several ways. The
proposed refinements will ensure that the Companies’ customers remain
indifferent as to whether the Companies produce the power themselves,
purchase power from the QF or obtain it from an alternative source. The
following portions of my testimony will address certain clarifications and
modifications that are required to properly apply the peaker methodology
consistent with PURPA.

III. PROPOSED CLARIFICATIONS AND MODIFICATIONS TO THE

AVOIDED CAPACITY COST CALCULATION

Q. HOW SHOULD THE AVOIDED CAPACITY COST CALCULATION
METHODOLOGY BE REFINED OR MODIFIED TO ENSURE
CUSTOMERS ARE NOT PAYING MORE FOR QF CAPACITY THAN
THE ACTUAL COSTS THAT THE UTILITY AVOIDS FROM SUCH A
PURCHASE?

A. I recommend refining and modifying several factors in the application of the

peaker methodology that relate to realigning the avoided cost rates that our
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customers ultimately pay with value of the capacity that QFs actually deliver

and our customers ultimately receive. These factors can be separated into four

broad categories:

1. Calculating the key inputs influencing the estimate of annual CT
capacity cost;

2. Determining the years in which the utilities actually have an avoidable
capacity need;

3. Determining how annual capacity payments are made to the QF
supplier; and

4, Applying an appropriate PAF.

A. FACTORS INFLUENCING THE ANNUAL CT CAPACITY

COST ESTIMATE

WITH RESPECT TO ANNUAL CT CAPACITY COSTS, WHAT ARE
THE MOST PERTINENT ISSUES INFLUENCING THE ANNUAL
CAPACITY COST ESTIMATE?

Under the peaker methodology, the capacity component of avoided costs is
driven primarily by the cost to install a new CT. The following inputs have a
significant impact on the annual CT capacity cost calculation. Consequently,
the parties debated the appropriate calculation of these inputs in the previous
avoided cost case before the Commission, Docket No. E-100, Sub 136:

1. Estimates of equipment and construction costs for a simple cycle CT;
2. The appropriate contingency factor, or risk factor, to apply to the cost

estimate; and
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3. The cost of capital and depreciable book life.

When addressing varying viewpoints on these issues, we should
simply ask the following basic question, “What is a reasonable estimate of
anticipated CT capacity costs that could be avoided by purchasing from a
QF?” In other words, when considering any one parameter, it should be
viewed from an expected case, not from the vantage of extreme highs or

extreme lows.

WHAT RECOMMENDATIONS FOR THESE FACTORS AFFECTING
THE CALCULATION OF THE ANNUAL CT CAPACITY COST ARE
THE COMPANIES PROPOSING?

The following general guidelines should be adopted in the calculation of the

annual fixed CT capacity costs:

1.  Cost estimates should be based on the Companies’ most recent study of
installed CT costs combined with past construction and operations
experience.

2. Equipment and construction costs should be based on the cost estimate
for a four unit greenfield site.

3. Direct CT interconnection costs should be included, but any estimates of
downstream transmission and distribution (“T&D”) system upgrade
costs should be excluded.

4.  The equipment and construction costs should represent an expected
construction cost with neither a best case nor worst case contingency

adder included. Instead, the Companies should use a contingency factor
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that, when applied, would result in an expected cost to construct. The
Companies’ position is that a five percent contingency adder results in a
reasonable expected construction cost.

5. The annual capacity value of a CT should be calculated incorporating
the Companies’ most recently approved cost of capital and book life
assumptions for a CT. The Companies recommend a 35-year book life
for purposes of avoided capacity cost calculations.

PLEASE EXPLAIN THE BASIS FOR THE COMPANIES’ POSITION

THAT THE CT COST ESTIMATE UTILIZED FOR AVOIDED

CAPACITY COST SHOULD BE BASED ON A FOUR UNIT

GREENFIELD SITE.

The avoided capacity cost calculation should reflect the economies of scale

associated with building four CTs at a greenfield site. This is supported by the

Utilities” demonstrated practice of building multiple CTs at a single site. Of

all DEP’s CT sites, only the Asheville site has fewer than four CTs on the

site. This is due specifically to the unique characteristics of the Asheville
area. Similarly, three of DEC’s four CT sites have four or more units. The

fourth is a two-unit site that is utilized as a back-up source of generation to a

nuclear site. Because the Companies typically construct CTs with at least four

units at a site, it is reasonable to use the four-unit configuration as the basis

for their avoided capacity rates. Furthermore, in using the average cost of a

four-unit site, the Utilities are following DEP’s standard practice of

constructing four CTs at a plant site.
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The Utilities will continue to pursue CT development as an option
to meet their obligation to provide least cost power to their customers. The
multiple unit approach is the most cost-effective approach to developing CTs
because it optimizes the economies of scale associated with construction.
The cost of land, site preparation, roadways, gas infrastructure, electric
transmission infrastructure, water infrastructure, and administrative and
auxiliary buildings is spread among several units (instead of just one or two).
In practice, the Companies would first evaluate brownfield options in order to
locate a CT at an existing generation facility with much of the infrastructure
already in place. This would likely yield an even lower cost than the four unit
greenfield site. The Companies’ recommendation for a four unit greenfield
site represents a reasonable, balanced estimate for the avoidable construction
costof a CT.

PLEASE EXPLAIN WHY YOU RECOMMEND INCLUSION OF
INTERCONNECTION AND EXCLUSION OF T&D NETWORK
SYSTEM UPGRADE COSTS IN CALCULATING AVOIDED
CAPACITY RATES.

Interconnection costs include costs associated with physically connecting the
generation source to the transmission system, such as the switchyard and
associated equipment costs. These interconnection costs are included in the
calculation of avoided cost rates because they are real costs that will be

avoided when avoiding the construction of a new CT and because the QF is
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fully responsible for the interconnection costs associated with its own
facility.

Network upgrade costs, unlike interconnection costs, involve
improvements to the transmission system beyond merely connecting a
generation resource to the transmission system. Suchupgrades are needed
to accommodate the anticipated increases in power flows as growing load is
met from sources such as new generating facilities or new power purchases.
Sometimes a utility’s construction of new generation facilities will require
transmission upgrades, but not all new generation additions require such
upgrades. A number of factors, including the current state of the transmission
system, the amount and type of generation being added to the system, and the
location of the new generation can influence whether T&D network
upgrades are required by the addition of new generation. Moreover, T&D
network upgrades can range from minor additions such as a bank of
capacitors to enormously expensive undertakings such as the construction
of a new transmission line. All other things being equal, utilities will try to
plan their generation additions to avoid or minimize the need for network
upgrades. As the foregoing makes clear, although all generation additions
require interconnection, not all generation additions necessitate network
upgrades. Furthermore, transmission and distribution system circuits are
designed for peak load conditions on a circuit. Placing intermittent generation
on a circuit does not change the need for transmission infrastructure at the

time of the circuit’s peak since the transmission infrastructure needs to bring
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in power from elsewhere on the system at times when the generation is not
available. As load grows on a circuit, intermittent generation does not
alleviate the need for incremental transmission investment, and as such,
should not be credited with avoided transmission system upgrade costs.
PLEASE DEFINE CONTINGENCY FACTOR AND EXPLAIN ITS
PURPOSE.
A contingency factor (or contingency allowance) is an amount added to a
project cost estimate to account for uncertainties and risks. It is usually
expressed as a percentage of the project cost estimate. One helpful definition
of contingency that | find useful for the present case is the one used by the
Energy Information Administration (“EIA”). EIA uses contingencies in its
annual estimate of the cost of installing various types of electric generating
facilities and describes the purpose of the contingency adders it uses as
follows:

A contingency allowance is defined by the American Association of

Cost Engineers as the “specific provision for unforeseeable elements

of costs within a defined project scope; particularly important where

previous experience has shown that unforeseeable events which will

increase costs are likely to occur.”

A 5% contingency adder represents an “expected case scenario” and is
appropriate in the context of building a conventional CT for purposes of the

Utilities’ avoided capacity rates.
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WHY DO YOU BELIEVE A 5% CONTINGENCY ADDER REFLECTS
AN “EXPECTED CASE” IN THE CONTEXT OF BUILDING A
CONVENTIONAL CT FOR PURPOSES OF THE UTILITIES’
AVOIDED CAPACITY RATES?

The Utilities believe that a 5% contingency adder adequately reflects an
“expected case” in the context of building a conventional CT for purposes of
avoided cost rates. In keeping with the EIA definition provided above, all of
the Utilities” recent experience with constructing combustion turbine-based
generation points to the same conclusion — large contingency adders are not
warranted in estimating the cost of those types of projects.

Since 2009, DEP has completed four projects involving plants with
combustion turbine technology — the Wayne County CT, the Smith CC, the
Lee CC and the recently completed Sutton CC. The original project estimate
for those projects included contingency adders of 3-5%. All of these projects
were completed below the budgeted levels inclusive of the stated contingency.
Moreover, of these four projects, only the Wayne County CT ended up using
any of its contingency while the rest came in enough below budget to result in
negative contingency.

DEC’s recent experience with combustion turbine technology projects
is consistent with DEP’s experience. In November 2011, a new combined
cycle unit began commercial operation at DEC’s Buck Combined Cycle
Station and, in December 2012, DEC added a combined cycle unit to the Dan

River Combined Cycle Station. The initial project estimates for both the new
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Dan River and Buck units contained contingency adders of 4%. Both the
Buck and Dan River CCs were completed under budget and used none of the
contingency included in the original cost estimate. Thus, DEC’s recent
combustion turbine technology projects also demonstrate a 5% contingency
allowance is a reasonable estimate of contingency.

In sum, both DEC’s and DEP’s actual experience over the past years
in constructing six combustion turbine technology generation projects clearly
shows that a reasonable contingency adder is between 3% and 5%. DEC and
DEP have been able to complete construction and achieve commercial
operation using less contingency than projected or none at all. Indeed, the
Utilities could argue that no contingency adder is required for simple cycle
CTs because they are far less complex than the utilities’ recent construction of
CCs. However, consistent with the premise of seeking a balanced approach to
each of these parameters, the Utilities support the use of 5% contingency
adder as a basis for avoided CT costs.

WITH RESPECT TO THE ASSUMED USEFUL LIFE OF CTS,
PLEASE EXPLAIN HOW THAT FACTOR AFFECTS THE CT COSTS
USED IN CALCULATING AVOIDED CAPACITY RATES.

As previously noted, the capacity component of avoided costs under the
peaker methodology is driven primarily by the cost to install a new CT. That
cost is levelized over the CT’s useful life to set the avoided capacity rates.
Thus, a longer useful life provides a longer period of time over which to

spread the capital costs of the CT, which translates to a lower annualized
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capital cost and lower avoided capacity rates. For example, assuming two
CTs with identical construction costs and identical capacity ratings, if one CT
is expected to operate for 30 years and the other is expected to operate for 40
years, the annual levelized capital cost of the 40-year CT will be lower
because its capital costs will be spread over a longer time period. Similarly,
for purposes of avoided cost rates, an assumption of a longer useful life for a
CT translates to lower annual capital costs and lower avoided capacity rates,
all other things being equal. A simple analogy would be two homes that cost
the same amount, but one is financed over 15 years and the other over 30
years. The annual mortgage payments for the home financed over 30 years
will be smaller than the mortgage payment for the home financed over 15
years.

WHY IS 35 YEARS A REASONABLE ASSUMPTION FOR THE
USEFUL LIFE?

Avoided capacity rates should reflect the capital costs the purchasing utility
actually avoids if it purchases power from a QF rather than generating the
power itself. PURPA’s directive, which states that the rates paid shall not
exceed the purchasing utility’s avoided cost, is intended to protect utility
customers from bearing higher costs as a result of the utility’s QF power
purchases. It follows from these two principles that the best reference points
for determining the useful life of a CT to be used in setting avoided cost rates
are: (1) the actual operating lives of the utility’s CT fleet; and (2) the CT

useful life assumptions used in setting the utility’s base rates. The actual
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operating lives of a utility’s CTs are relevant in assessing the capacity cost
assumed to be avoided by purchasing from a QF. The useful life assumptions
used for ratemaking measures the avoided costs from the customers’
perspective. In this case, both the actual operating lives of the Utilities” CT
and the useful life assumptions used for setting the Utilities’ rates support the
use of a 35-year useful life in setting the Utilities’ avoided cost rates.
PLEASE ELABORATE.

First, the vast majority of the CTs on the Utilities’ systems has operated or is
expected to operate for 35 years or more. In other words, the Utilities'
combined experience with building and operating dozens of CTs over four
decades conclusively demonstrates that CTs have useful life expectancies well
in excess of 30 years. If anything, the Utilities' actual experience could
support a longer useful CT life than 35 years.

Second, as to the useful life assumptions applied in the Utilities’ most
recent general rate cases, each of the Utilities independently completed
updated depreciation studies which support their proposed depreciation rates.
DEP’s most recent depreciation study uses a 40-year useful life for its CTs. In
DEC’s most recent depreciation study, the lifespan of a new CT was
considered to be 35 to 40 years with an emphasis on 35 years based on
utilization. Thus, in terms of how long a CT should be expected to operate
and in terms of the cost customers bear for a CT in rate base, the Utilities
could justify a useful life in the range of 35 to 40 years in setting avoided cost

rates. Once again, while a longer useful life could be argued, the use a of 35-
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year useful life represents a reasonable middle ground for determination of
this parameter.

B. DETERMINING THE YEARS IN WHICH THE UTILITIES

HAVE AN AVOIDABLE CAPACITY NEED

Q. UNDER THE CURRENTLY APPROVED AVOIDED CAPACITY
COST CALCULATION METHODOLOGY, IS THE UTILITIES’
RELATIVE NEED FOR INCREMENTAL GENERATING CAPACITY
TAKEN INTO ACCOUNT?

A. No. The current methodology, as applied under the standard tariff, pays a QF
for capacity irrespective of the utilities’ actual need for capacity. For
example, if a recession occurs, the utilities’ IRPs may show the next utility
capacity need to be several years into the future. However, as currently
calculated, the capacity value incorporated in the standard tariff avoided cost
rate would ignore this fact and assume the utility had an avoidable capacity
need in every year.

Q. SHOULD THE UTILITIES’ NEED FOR CAPACITY BE ACCOUNTED
FOR IN THE CALCULATION OF THE AVOIDED CAPACITY
PAYMENT?

A. Yes.

Q. PLEASE EXPLAIN HOW THE NEED FOR CAPACITY SHOULD BE
ACCOUNTED FOR IN CALCULATING AVOIDED CAPACITY

PAYMENTS.
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A. Under PURPA, utilities should not require their customers to pay for QF
capacity unless there is an associated capacity cost to be avoided. Without
modification, the current approach violates this principle and results in the
Companies’ customers paying for QF capacity that does not offset needed
utility capacity. As a result, retail customers are paying avoided costs for
capacity the Companies do not need — in excess of the Utilities’ avoided
capacity cost, as determined under the peaker methodology.

Q. HOW DO YOU RECOMMEND THE RELATIVE NEED FOR
INCREMENTAL GENERATING CAPACITY BE INCLUDED IN THE
CALCULATION OF THE AVOIDED CAPACITY PAYMENT?

A. As | explained earlier in my testimony, avoided capacity costs are represented
on an annual basis in a similar fashion to the fixed cost of a car or home being
represented as an annual car payment or mortgage payment. To appropriately
incorporate the need for capacity consistent with PURPA, the annual fixed
capacity costs that go into the avoided cost rate should include only the annual
fixed capacity costs for years in which an actual capacity need exists as
determined by the utilities’ most recently filed IRP, with adjustments as
discussed below.

Q. HOW WOULD THE IRP BE UTILIZED TO DETERMINE WHEN
THERE IS AN AVOIDABLE CAPACITY NEED?

A. The IRP presents a 15-year resource plan that identifies when the next
generation unit is needed for reliability purposes. Prior to the year in which

the next generation unit is needed, the utility does not have a capacity need to
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avoid. Thus, the calculation of the capacity portion of the avoided cost rate
should not ascribe value for years prior to the first avoidable capacity need.
PLEASE EXPLAIN HOW EXISTING AND FORECASTED QFS
IMPACT THE DETERMINATION OF WHEN A UTILITY HAS AN
AVOIDABLE CAPACITY NEED.

The IRP forecast for needed new generation accounts for both existing and
forecasted QFs that defer the need for the next utility generator. In
determining when new capacity is first needed, the utility would first remove
all undesignated QFs (QFs not yet under contract) to see if the need for
capacity moves forward in time. This will allow the Companies to more
accurately forecast the next year in which additional capacity is required.
This adjustment would ensure that the new QFs are being compensated for
capacity for years in which there are an actual capacity need to avoid.

DOES ACCOUNTING FOR THE TIMING OF NEEDED CAPACITY
MORE ACCURATELY VALUE THE CAPACITY BEING
DELIVERED BY THE QF, CONSISTENT WITH THE INTENT OF
PURPA?

Yes. PURPA'’s clear intent is to estimate costs that, but for purchase from the
QF, would have otherwise been incurred by the utility and its customers.
Let’s assume that economic conditions combined with a large influx of QFs
eliminated all future need for utility fossil generation capacity. In such an
example, incremental QFs would still avoid marginal fuel and production

costs (avoided energy value); however, there would be no fixed costs to offset

Docket No. E-100, Sub 140
Glen A. Snider Direct Testimony Page 27

OFFICIAL COPY

Apr 25 2014



10

11

12

13

14

15

16

17

18

19

20

21

22

23

or avoid. Under those circumstances, the payment of avoided capacity would
clearly be inconsistent with PURPA. Under the current avoided capacity cost
calculation, however, customers would continue to pay for QF capacity even
though there is no capacity cost to be avoided. While today’s situation is not
to the extreme of the example above, the same principle applies. This PURPA
principle requires the recognition that if the utility’s first avoidable capacity
need is several years in the future, then the present avoided capacity rate
should only reflect value in that future period when there is a capacity need to
avoid.

Q. DOES THIS IMPLY THAT QFS UNDER THE TARIFF RECEIVE NO
CAPACITY PAYMENT IN YEARS PRIOR TO THE UTILITIES’
FIRST CAPACITY NEED?

A No. This simply implies the capacity rate received by the QF would reflect a
lower annual payment to account for the initial years in which no avoidable
capacity costs would be included in the rate derivation. In essence, the QF
will receive capacity payments immediately in recognition of future avoided
capacity so long as the utility has an avoidable capacity need sometime within
the life of the tariff period.

Q. IS THE CONSIDERATION OF THE NEED FOR CAPACITY IN THIS
CALCULATION FAIR TO THE COMPANIES’ CUSTOMERS?

A. Yes. With the adjustments suggested, the utilities’ customers would only be
paying QF capacity payments equal to the economic value of an associated

avoided utility capacity cost.
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C. DETERMINING HOW ANNUAL CAPACITY IS PAID TO THE

QF SUPPLIER

SINCE INTERMITTENT RESOURCES ARE NOT DISPATCHABLE,
SHOULD ANNUAL CAPACITY PAYMENTS BE MADE SIMPLY
BASED ON THE INSTALLED CAPACITY OF EACH PROVIDER?

No. Such an approach would be inconsistent with the letter and intent of
PURPA because the amount of installed nameplate capacity of an intermittent
QF resource (expressed in kWs) does not translate to an equivalent amount of
avoided capacity as described earlier in my testimony.

Payment based upon installed capacity fails to recognize actual
performance by the generator which would lead to over-compensation relative
to the value of the actual avoided capacity realized by customers. Consider
the following graph which shows an example of a solar production profile on
a clear sky peak summer day compared to a utility load profile for the same
day. This graphic illustrates two important facts concerning the installed
capacity of a solar facility. First, on a summer day solar output does not
typically reach its rated installed nameplate capacity since solar panels do not
perform as well on hot, humid summer days as they do in the spring and the

fall.
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Second, the availability of capacity does not coincide with the peak demand

needs of the utilities’ customers.
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Q. WHAT METHOD DO THE COMPANIES RECOMMEND FOR
PAYING QFS FOR CAPACITY VALUE?

A. The Companies recognize that traditional methods of paying for capacity
based on requirements of deliverability or after-the-fact comparisons to
system peak are particularly problematic for smaller intermittent QF
resources. To overcome these deliverability challenges and the coincident
peak (“CP”) demand metering challenges, the Companies recommend that

annual capacity be paid on a per-kWh basis across a pre-determined set of
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seasonal hours that represent the most likely hours in which capacity will have

value.

HAVE THE COMPANIES SPECIFICALLY IDENTIFIED THESE
HOURS WHEN QFS WILL PROVIDE CAPACITY VALUE?

Not at this time. The Companies are continuing to study this issue and do not
have a specific recommendation at this time; we anticipate having a
recommended set of hours to share with the Commission in our next
testimony filing in this docket. The goal of defining these hours will be to
provide certainty to generators and to overcome the issues associated with
deliverability based billing or after-the-fact CP based billing. Furthermore,
the identification of these hours will incent development of solar projects that
maximize output at times when capacity has the most value to the Companies’
customers. Array orientation, angle and tracking options can be optimized to
achieve maximum payment while considering the tradeoff of the cost of such
tracking mechanisms.

D. APPROPRIATE APPLICATION OF A PAF

PLEASE EXPLAIN WHAT A PAF IS AND HOW IT WORK:Gs.

The PAF is a simple multiplier that is applied to the avoided capacity rates
paid by the Companies’ customers to QFs. This multiplier increases the
avoided capacity rate paid by customers and received by the QF. Currently,
the PAF applied to the avoided capacity rates for small hydro-electric QFs
with no storage capacity is 2.0, and the PAF applied to the avoided capacity

rates for all other QFs is 1.2. For example, if the avoided capacity rate is
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$0.05/kWh, applying a PAF of 2.0 would increase the rate to $0.10/kWh,
doubling the amount paid to the QF for capacity.

WHAT IS THE RATIONALE FOR THE CURRENT 1.2 PAF?

Multiple perspectives have been offered as the rationale of the 1.2 PAF.
Some suggest that the PAF is a required adjustment for utility reliability
equivalence and others that the PAF is a required adjustment to make QFs
financially equivalent to utility-owned renewable generation.

WHY DO SMALL HYDROELECTRIC QFS RECEIVE A PAF OF 2.0,
AS OPPOSED TO THE PAF OF 1.2 APPLIED TO OTHER QFS?

My understanding is that the Commission concluded that a larger PAF was
justifiable for small hydroelectric QFs because the North Carolina General
Assembly had enacted a policy generally supporting the continued operation
of the State’s small hydroelectric facilities.

SHOULD SMALL HYDROELECTRIC FACILITIES CONTINUE TO
RECEIVE A PAF OF 2.0 AS PART OF THEIR AVOIDED CAPACITY
RATES?

No. For the reasons | give below, new small hydro facilities should not
receive a 2.0 PAF in calculating their avoided cost capacity rates, and Witness
Bowman addresses this issue from a policy perspective in her testimony. For
the reasons given by Ms. Bowman, | would agree, however, that it is
appropriate for existing, small hydroelectric facilities to continue to receive a

2.0 PAF.
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Q. IS THERE ANY JUSTIFICATION FOR DIFFERENT PAFS FOR
DIFFERENT RESOURCES?

A No. On a going forward basis any form of adjustment made to the avoided
capacity value should be based on the avoided CT, not the particular QF
resource. In developing avoided cost rates, the peaker methodology
appropriately seeks to identify avoidable utility costs irrespective of the
particular QF resource avoiding those costs.

Q. IN YOUR OPINION, WHAT WOULD BE AN APPROPRIATE BASIS
FOR A PAF?

A. The PAF should be established based on the reliability of the avoided unit, a
CT.

Q. WHAT IS THE RELIABILITY OF A CT, THE AVOIDED UNIT?

The appropriate measure of reliability for a combustion turbine peaking unit is
the starting reliability. The Companies’ starting reliability target for the CT
fleet is 98.5%. Actual data was compiled for the years 2011 through 2013
which showed a successful start rate for the combined DEC and DEP large
frame CTs of approximately 99%.

Q. WHAT RELIABLITY STANDARDS DO THE UTILITIES APPLY TO
PURCHASE POWER CONTRACTS FROM THIRD PARTY
GENERATORS?

A. In reviewing its purchase power contracts from third party natural gas
generators, the Companies generally allow the third party generator to receive

their full contractual capacity payment so long as they maintain a minimum
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availability level. This level varies by contract but is generally in a range
between 94% to 98%. Extrapolating to a reliability based PAF, this level of
reliability would equate to approximately a 1.02 to 1.06 PAF. To illustrate - if
the capacity payment was based upon delivering over peak hours within a
given month, the third party provider that had 97% deliverability would
receive a PAF of 1.03. As such, in the example, if the provider was 100%
reliable, it would actually receive a 3% bonus above its capacity payment. If,
on the other hand, the provider was 97% available, it would receive its full
capacity payment since 0.97 (availability) times a 1.03 (PAF) would equal 1.
IF ARELIABILITY-BASED PAF WERE TO BE ADOPTED, WHAT IS
THE COMPANIES’ RECOMMENDED PAF?

The projected reliability of new CTs that form the basis of the avoided cost
payment would suggest a PAF of approximately 1.02. The broader range of
1.02 to 1.06 is justified if the QF capacity purchase is viewed in a manner
similar to other more traditional wholesale power purchases. In keeping with
the stated objective of neither seeking the highest or lowest value that could

reasonably be justified, the Companies recommend a 1.05 PAF.
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IV. PROPOSED CLARIFICATIONS AND MODIFICATIONS TO

THE AVOIDED ENERGY COST CALCULATION METHODOLOGY

DO THE COMPANIES ALSO PROPOSE SPECIFIC ADJUSTMENTS
TO THE CURRENT METHODOLOGY FOR THE CALCULATION
OF AVOIDED ENERGY COSTS?
Yes, the current calculation of avoided energy rates should be adjusted to
ensure that the Companies’ customers are paying for the true value of the QF
energy being delivered.
WHAT ADJUSTMENTS DO THE COMPANIES RECOMMEND?
The following three adjustments to the avoided energy calculation would
better align customer payment for QF energy with the utility’s avoided costs
associated with the QF purchase:
1. The recognition of specific measurable integration costs associated
with intermittent solar generation;
2. Adjusting for lost production cost benefits associated with the unit
being avoided through the purchase of QF power; and
3. The elimination of multiple definitions of peak and off-peak within the
tariff structure by eliminating the Companies’ respective Option A
schedules.
As with the changes proposed regarding avoided capacity costs, these
proposed changes are intended to allow the Companies to more accurately and

appropriately capture their actual avoided costs.
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A. THE RECOGNITION OF SPECIFIC MEASURABLE

INTEGRATION COSTS ASSOCIATED WITH

INTERMITTENT SOLAR GENERATION

WHAT IS THE BASIS OF YOUR RECOMMENDATION THAT
CERTAIN INTEGRATION COSTS BE REFLECTED IN THE
AVOIDED COST CALCULATION?
Intermittent QF resources, specifically solar, produce avoided energy and
capacity value for the Companies’ customers. However, the nature of such
resources also creates integration costs as identified in the recently published
Duke Energy Photovoltaic Integration Study (“Duke Energy PV Study”),
conducted by Pacific Northwest National Laboratory, which is attached to my
testimony as Snider Exhibit 1. These integration costs slightly reduce the
avoided energy benefits of solar QFs as currently calculated.
WHAT ARE THE INTEGRATION COSTS YOU ARE
RECOMMENDING TO OFFSET AVOIDED ENERGY BENEFITS
RECEIVED FROM SOLAR QFS?
I recommend the recognition of the integration costs associated with the
increased reserve requirements in the Generation section of the Duke Energy
PV Study. These represent the increase in net load variability due to solar
photovoltaic (“PV”) penetration. Reserves were defined in the study as
follows:

e Day-ahead planning reserve (“DA PR”): Additional generation

required in DA planning that is intended to mitigate forecast errors

Docket No. E-100, Sub 140
Glen A. Snider Direct Testimony Page 36

OFFICIAL COPY

Apr 25 2014



10

11

12

13

14

15

16

17

18

19

20

21

(uncertainty), within-hour variability and loss of generation. However,
it is assumed that the current contingency reserve requirement (as
dictated by the VACAR Reserve Sharing Group) does not increase
regardless of the amount of PV integration. With respect to this study,
DA PR refers only to the components associated with forecast
uncertainty and variability with system generation and load.

e Regulation reserve (“RR”): The reserve needed to cover minute-by-
minute variations of load and PV. RR requires fast response and
therefore must be provided by units on automatic generation control
(“AGC”). RRis also a component of DA PR.

Additional detailed discussion of reserve definitions is included in
section 2.2.4 in Snider Exhibit 1.
Q. WHAT INTEGRATION COST DO YOU RECOMMEND FOR USE IN

THE PROPOSED ADJUSTMENT TO AVOIDED COST?

A. The study evaluated 3 scenarios of PV penetration across a 10 year period. |

recommend the use of the Compliance case, which aligns with the IRP
assumptions for PV penetration and is the lowest penetration level considered
in the study. The energy rate that applies to solar QFs in the avoided cost
docket should be adjusted to reflect the study results, albeit at the lowest end
of the range identified within the study, based on the current level of solar QF

integration into the Companies’ systems.
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B. ADJUSTING FOR LOST PRODUCTION COST BENEFITS

ASSOCIATED WITH THE AVOIDED CT

WHY IS AN ADJUSTMENT NECESSARY TO ACCOUNT FOR THE
LOST PRODUCTION COST BENEFIT ASSOCIATED WITH THE
AVOIDED CT?

The adjustment is necessary to accurately reflect the avoided cost of the CT.
CTs have become more efficient over time with newer CTs being more
efficient than many of the older CTs on the Companies’ systems. In years
past, a new CT may have only been expected to run less than one percent of
the time and, when it did run, it would have been expected to set the marginal
energy price in that hour. Stated another way, the avoided CT would have
rarely expected to operate since its operation costs would have been above
system marginal costs in any hour. To illustrate this point, consider the

original example | presented at the beginning of my testimony:
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Unit Variable Costs Per Hour ($ per MWh)
Illustrative Only

Hour --------------- Hour 1 | Hour 2 | Hour 3 | Hour 4 | Hour 5
Load --------------- 30MW | 40MW | 50MW | 50MW | 40MW
Resources Online
F-Frame CT (10 MW) $55 $55
Coal (10 MW) $42 | $42 | $42 | $42
Combined Cycle (10 MW) $35 $35 $35 $35 $35
Nuclear (10 MW) $8 $8 $8 $8 $8
Hydro (10 MW) $2 $2 $2 $2 $2
Average Fuel Cost ($/MWh) | $15.00 | $21.75 | $28.40 | $28.40 | $21.75
Marginal Fuel Cost ($/MWh) | $35.00 | $42.00 | $55.00 | $55.00 | $42.00

In this example the avoided CT would have created no marginal fuel

savings for the customer. Rather it would have simply provided capacity

value for the very few hours it was needed. Since the avoidable CT produces

at $55 per MWh there are simply no hours in which the system marginal

energy cost is above that of the CT. Over time this dynamic has changed with

newer CTs becoming more efficient.

example that illustrates this transition.
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Unit Variable Costs Per Hour ($ per MWh)
Illustrative Only

Hour -----===mmmmu-- Hour 1 | Hour 2 | Hour 3 | Hour 4 | Hour 5
Load --------------- 30MW | 40MW | 50MW | 50MW | 40MW

Resources Online

Older Fleet CT (10 MW) $70
F-Frame CT (10 MW) $55 $55
Coal (10 MW) $42 | $42 | $42 | $42

Combined Cycle (10 MW) $35 $35 $35 $35 $35

Nuclear (10 MW) $8 $8 $8 $8 $8

Hydro (10 MW) $2 $2 $2 $2 $2

Average Fuel Cost ($/MWh) | $15.00 | $21.75 | $35.33 | $28.40 | $21.75

Marginal Fuel Cost ($/MWh) | $35.00 | $42.00 | $70.00 | $55.00 | $42.00

The example above introduces a utility system that has older, less
efficient CTs on the system. These older CTs have a variable energy cost in
excess of the newer F-Frame CTs. In this example, the avoidable unit, the F-
Frame CT, produces a $15 per MWh production cost benefit in Hour 3.

Hence, by avoiding the CT, the utility loses that production cost benefit.
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WHAT ADJUSTMENT TO THE ENERGY CALCULATION IS
REQUIRED TO ENSURE CUSTOMERS ARE NOT PAYING MORE
FOR QF ENERGY THAN THE AVOIDED ENERGY VALUE?

In the calculation of the avoided energy payment, the hourly production costs
savings calculated in the system dispatch model should be capped at the
production cost of the avoided CT. Once again from the prior example, this
cap simply recognizes that while the QF is avoiding the $70 marginal energy
in hour 3, the avoided CT would have also avoided the $70 marginal energy
cost in hour 3, effectively replacing it with the CT’s $55 energy cost. Capping
marginal energy cost in each hour at the avoided energy cost of the CT results
in an avoided energy calculation that aligns customer payments for QF energy
with the avoidable energy benefit produced by the QF. This leaves the
customer indifferent between QF energy and utility system energy. Without
this adjustment the customer is paying more for QF energy than is actually
avoided by the utility through the purchase of QF power.

WOULD THE ENERGY CAP BE APPLIED IN ALL YEARS OF THE
QF CONTRACT?

No. As previously discussed in my testimony, the utility may not have an
avoidable capacity need in all years. Consistent with the recommendation on
capacity, capping the avoided energy at the avoidable CT production cost

would only be applied starting in the first year of an avoidable need.
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C. ELIMINATION OF MULTIPLE DEFINITIONS OF PEAK AND

OFF-PEAK  WITHIN THE COMPANIES’ TARIFFE

STRUCTURES

Q. WHAT HOURS DEFINE ON-PEAK ENERGY VS. OFF-PEAK
ENERGY IN THE COMPANIES’ CURRENT STANDARD AVOIDED
COST TARIFFS?

A The Companies’ respective avoided cost tariffs both allow QFs to choose
between two different on-peak rate definitions defined as Option A and
Option B within the rate. The on-peak energy hours for DEP’s Schedule CSP

and DEC’s Schedules PP-N and PP-H are provided in the table below.

DEP: Schedule CSP

Option A: April — September | 10:00am — 10:00pm
October — March 6:00am - 1:00pm, 4:00pm -
9:00pm
Option B: June — September | 1:00pm — 9:00pm
October — May 6:00am — 1:00pm

DEC: PP-N, PP-H

Option A: June — September, | 7:00am — 11:00pm
December — March

Option B: June — September | 1:00pm — 9:00pm
October — May 6:00am — 1:00pm

Q. SHOULD THE AVOIDED COST ENERGY RATE BE LIMITED TO A
SINGLE DEFINITION OF PEAK HOURS?

A. Yes. The standard tariff should define a single set of hours as on-peak for
purposes of calculating avoided energy rates. The different definitions

between Options A and B allow QFs to choose the definition that produces the
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most revenues for the QF relative to their operations. While this is beneficial
to the QF, the particular issue leads to an overstatement of the actual avoided
energy benefit since each QF picked its option based on revenue optimization
rather than a consistent definition of peak hours based on the Companies’
avoided energy cost. The Companies recommend that Option A be
eliminated, with Option B being the singular consistent definition of peak
hours for avoided energy purposes.

V. TARIFF ELIGIBILITY LIMITS

DO THE COMPANIES PROPOSE SPECIFIC ADJUSTMENTS TO
THE CURRENT ELIGIBILITY LIMITS FOR THE QF TARIFF?

Yes, the Companies recommend the current tariff eligibility limit of 5SMW be
revised to 100kW.

WHAT IS THE RATIONALE FOR THIS PROPOSED REDUCTION?
Witness Bowman speaks to the policy reasons for this recommended change
in her testimony. In addition, there are also resource planning and equitable
pricing justifications for this recommended change.

PLEASE EXPLAIN WHAT RESOURCE PLANNING ISSUES LEAD
TO THIS RECOMMENED CHANGE IN TARIFF ELIGIBILITY.

From a resource planning perspective, both the need for a resource and the
relative economic value of a resource changes over time. Time sensitive
variables, such as fuel prices, load forecasts, economic conditions, technology
efficiencies, environmental regulations, level of QF participation, among other

factors, all impact the need for any given type of resource as well as the
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economic value of the resource. As such, a tariff that is only updated every
two years is not dynamic enough to value large amounts of QF capacity
accurately.

WHY IS THIS MORE OF AN ISSUE NOW THAN IT HAS BEEN IN
PAST YEARS?

The culmination of the compliance requirements of NCREPS, the impact of
state and federal tax incentives, and declining solar prices have resulted in a
large solar QF development effort in NC. Approximately 1,000 MWs of
potential solar projects currently fall in the 100 kW to 5 MW range. Under
the current fixed tariff structure, all 1,000 MWs receive the same price signal
which overstates the cumulative value created if all 1,000 MWs were to come
to fruition.

PLEASE EXPLAIN WHY IT IS NOT APPROPRIATE TO SEND THE
SAME PRICE SIGNAL TO ALL QFS.

In addition to changing market conditions over the two year period in which
standard avoided cost tariff rates are fixed, the sheer amount of QF interest
changes the economic value from the 1% MW of QF capacity to the 1,000"
MW of QF capacity. Holding all other variables constant, each block of solar
that comes online diminishes the value created from the next block of solar.
From an energy perspective, since solar resources have very similar output
profiles they tend to reduce traditional utility generation in the same daylight

hours. The first blocks of solar reduce the most expensive units, while the
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next blocks reduce less expensive units. Once again, consider the following

simple example from earlier in my testimony.

Unit Variable Costs Per Hour ($ per MWh)
Illustrative Only

Hour -----===mmmmu-- Hour 1 | Hour 2 | Hour 3 | Hour 4 | Hour 5
Load --------------- 30MW | 40MW | 50MW | 50MW | 40MW

Resources Online

F-Frame CT (10 MW) $55 $55

Coal (10 MW) $42 || $42 | $42| | $42

Combined Cycle (10 MW) $35 $35 $35 $35 $35

Nuclear (10 MW) $8 $8 $8 $8 $8

Hydro (10 MW) $2 $2 $2 $2 $2

Average Fuel Cost ($/MWh) | $15.00 | $21.75 | $28.40 | $28.40 | $21.75

Marginal Fuel Cost ($/MWh) | $35.00 | $42.00 | $55.00 | $55.00 | $42.00

For illustrative purposes only consider Hours 3 & 4 in the table above.
The first 10 MWs of solar on this system would avoid $55/MWh marginal
energy. The next block of 10 MWs would avoid $42/MWh marginal energy.
The third block of 10MWs would avoid $35/MWh and so on, and so forth.
As this simple illustration shows, it is not appropriate to send a $55/MWh

price single to all 30 MWs of solar QFs. From a capacity perspective, the
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same issue arises. In the example above, capacity was originally needed for
the peak in Hours 3 and 4, but as solar penetration rises, the need for
traditional capacity shifts to other hours. Hence both the avoided energy and
capacity value created by solar QFs changes with increasing levels of solar
adoption. In past years when QF interest was minimal, this impact was not an
issue. However, given the current level of expressed QF interest, it is no
longer appropriate to offer the same avoided cost rate to such a large quantity
of QF providers as it results in paying above avoided cost in the aggregate.
Moving the tariff eligibility limit from 5MW to 100kW will allow the
Company to send the appropriate price signal through individual price
offerings to QFs above 100kW.

VI. CONCLUSION

DO THE COMPANIES’ RECOMMENDATIONS RELATING TO THE
CALCULATION OF AVOIDED COSTS PROVIDE FOR A MORE
FAIR AND ACCURATE CALCULATION OF SUCH COSTS?

Yes, they do. The peaker methodology, implemented with the proposed
adjustments outlined in my testimony relating to both avoided capacity and
avoided energy, will provide a more accurate representation of the
Companies’ avoided costs. Specifically, by accounting for the relative need
of the Companies for incremental generating capacity and by reducing the
PAF to reflect the availability of the actual units being avoided, and by
establishing hours over which capacity credits should be paid (based on the

actual need of the Companies), the standard tariff rates will more fairly and
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accurately reflect the actual capacity value being delivered by a QF to the
utility.  Similarly, by adjusting avoided energy values to reflect actual
integration costs for solar PV generation, capping avoided energy benefits at
the production cost of the avoidable CT unit, and eliminating optional tariff
schedules with differential pricing not tied to the utility’s avoided costs, the
tariff rates will also more closely reflect the avoided energy benefits being
delivered to the Companies’ customers.

Q. ARE THE COMPANIESS RECOMMENDED ADJUSTMENTS
INTENDED TO UPDATE THIS METHODOLOGY TO REFLECT
THE ACTUAL VALUE BEING DELIVERED BY QFS TO THE
UTILITIES?

A Yes, the proposed adjustments to the calculation methodology are intended to
do just that. In this way, the Companies will send appropriate price signals to
QFs and compensate them accordingly for delivering capacity and energy of
critical value to the Companies. The result is that the appropriate pricing will
only incur costs to customers that relate to the actual benefit being provided to
them.

Q. WILL THESE RECOMMENDED  ADJUSTMENTS MORE
ACCURATELY REFLECT CHANGES IN THE MARKETPLACE
SINCE SOME OF THE LEGACY COMPONENTS, LIKE THE PAF,
WERE INSTITUTED?

A. Yes, they will. It has been decades since many aspects of the Companies’

standard avoided cost tariffs were originally established, and the marketplace
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for QF resources has changed entirely since that time, particularly over the
past several years. The Companies’ proposed changes are intended to update
these tariffs to bring them more in line with the current realities and dynamics
of that marketplace.

WILL THE RECOMMENDED CHANGES RESULT IN STANDARD
TARIFFS THAT MORE FAIRLY BALANCE THE REQUIREMENTS
OF PURPA WITH THE INTERESTS OF THE COMPANIES’
CUSTOMERS?

We believe they will. From the Companies’ perspective, the appropriate
implementation of PURPA is a two-sided endeavor that must balance the
rights of QFs under the law with the requirement that customers only be
forced to pay just and reasonable rates for the power being provided to the
utility, that in no event exceeds the utility’s avoided costs.

DOES THIS CONCLUDE YOUR TESTIMONY?

Yes, it does.
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Executive Summary

Overview

Solar energy collected using photovoltaic (PV) technology is a clean and renewable energy source
offering multiple benefits to the electric utility industry and its customers. These benefits include cost
predictability, reduced emissions, loss reduction by distributed installations, and others. Renewable
energy goals established in North Carolina Senate Bill 3 (SB3), in combination with the state tax credit
and decreases in the cost of PV panels, have resulted in rapid solar power penetration within the Carolinas
services areas of Duke Energy. Continued decreases in PV prices are expected to lead to greater PV
penetration rates than currently required in SB3.

Despite the potential benefits, PV generation is variable in nature with limited predictability.
Significant penetration of PV energy is of concern to the utility industry because of its potential impact on
operating reliability and integration cost to customers, and equally important, how any additional costs
may be allocated to different customer groups. Some of these impacts might become limiting factors for
PV energy, especially growing distributed generation installed at customer sites.

Recognizing the importance of renewable energy developments for a sustainable energy future and
economic growth, Duke Energy has commissioned this study to simulate the effects of high-PV
penetration rates and to initiate the process of quantifying the impacts. The objective of the study is to
inform resource plans, guide operation improvements, and drive technology and infrastructure
investments for a steady and smooth transition to a new energy mix that provides optimal values to
customers.

Study Team

The study team consists of experts from Pacific Northwest National Laboratory (PNNL), Power
Costs, Inc. (PCI), Clean Power Research (CPR), Alstom, and Duke Energy. PNNL, PCI, and CPR
performed the study on generation impacts; Duke Energy modeled the transmission cases; and
distribution simulations were conducted by Alstom. PNNL analyzed the results from each work stream
and produced the report.

Study Scope and Methods

The goal of this study was to determine, for the Duke Energy service areas in the Carolinas, the
impacts of solar PV on ancillary services and generation production cost, as well as voltage, power flows,
and losses in the transmission and distribution systems.

Rather than adopt a more intensive approach that would take several years, this study attempts to
produce results in a timely manner using available data and analytic tools, to identify areas of concern,
measure the degree of impact, and provide guidance for further actions. Accordingly, the study was
limited to energy production cost modeling and steady-state, power flow simulations. Potential PV
impacts on system dynamic characteristics, such as frequency response and dynamic and transient
stabilities, were not included the study scope.
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Three scenarios were simulated in the generation study: 1) compliance solely with the goals and
schedules of SB3, 2) modest increases over SB3 goals, and 3) more rapid penetration of PV.* Generation
impacts, including reserve requirements, control performance, and production costs were evaluated with
projections every other year from 2014 to 2022 (Table ES.1). Figure ES.1 shows the locations of the
projected PV sites. The PV penetration evaluated ranged from 673 MW? to 6800 MW (2% to 20% of
peak load). To provide corresponding inputs to energy production cost modeling, system variability and
reserve requirements were analyzed for each case. Of the two steps in energy production cost modeling,
generation commitment and dispatch was performed for the Duke Energy system as a whole, while
balancing operations were modeled individually for its component balancing authorities (BA) areas (i.e.,
Duke Energy Carolinas [DEC] and Duke Energy Progress [DEP]).®

Table ES.1. PV Penetration Cases

(MWac) 2014 2016 2018 2020 2022
Compliance
DEC 361 631 785 1,012 1,197
DEP 312 312 334 395 483
Mid
DEC 431 816 1,393 2,006 2,598
DEP 331 506 867 1,248 1,642
Smooth High 2.5% 5% 10% 15% 20%
DEC 500 1,000 2,000 3,000 4,000
DEP 350 700 1,400 2,100 2,000

Where applicable, the study relied on existing Duke Energy tools, data, and integrated resource
planning assumptions. In addition, new modeling capabilities in both PV production and balancing
authority operations were employed to capture the impact of PV variability up to 1-minute time scale.
Resources including generators, pumped storage, demand-response, and long-term contracts were
considered in the models. Load, resources, and fuel prices forecasts were consistent with Duke Energy
integrated resource planning. The resource plans were developed according to projected load growth and
PV installations in the compliance scenario. Therefore, the resource mix may vary from year to year, but
stays constant for different PV penetration scenarios in the same study year. Data was provided by Duke
Energy when available; otherwise it was simulated by the analysis team.

! Based on data from the interconnection queue, the level of actual penetration in the system may exceed compliance
level, and is more close to the penetration level in the mid case.

2 PV installation capacity in this document refers to alternating current (AC) capacity by default, unless noted
otherwise.

® This treatment reflects the way Duke Energy system operates at the time of the study. Combining the two BAs or
coordinating their balancing operations could potentially reduce the challenges from variable resources on
generation operations, and is a subject for further studies and opportunity for operation improvement.
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Figure ES.1. Locations of Projected PV Sites

Transmission analyses were conducted using “snapshots” of critical day types for each season, such
as summer peak day." The models were developed based on transmission planning cases of Duke
Energy, and included 1197 MW of installed PV. The PV power output was determined from seasonal
average of existing PV systems at times of the snapshots. Other PV penetration rates were not studied
due to time constraints. All PV sources were assumed to operate at lagging power factors of 0.97; that is,
they supply reactive power that is 25 percent of their real power output.>® Transmission system voltage
profiles and losses were compared between the cases with and without PV.

The same PV penetration and locations as used in the transmission analysis were assumed for the
distribution study. Project PV installations were added to the DEC distribution system model taken from
the Distribution Management System (DMS). Sequential power flow simulations with 30-minute
intervals were performed on the entire DEC distribution system, and 3-minute interval simulations were
conducted on one feeder as a case study to understand the impacts of variable PV output on feeder
voltages, power flows, voltage control device operations, and system losses.

Duke Energy plans to incorporate the modeling tools that were developed during this integration
study into its planning and operations tool kit and will continue to refine the approach and input as
additional PV energy enters its system.

! This is consistent with current transmission planning and analysis procedures at Duke Energy and most other
utilities. However, the “snapshot” approach is inadequate for PV impact analysis due to the variable nature of PV
production and is an aspect for future improvements.

% This power factor is chosen based on historical measurements of selected PV sites in the DEC system.
Interconnection requirements for North Carolina allow power factor to range between 0.95 lagging to 0.95 leading.
¥ Smart inverters with voltage control capability can vary reactive power output as needed for voltage regulation but
have not been widely adopted in the distribution system, and therefore, was not considered in the study.
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Findings and Conclusions

The study was performed with a set of assumptions, including projected PV installations, future load
growth, resource mix, and fuel prices. Current Duke Energy operation practices were followed where
appropriate, and present transmission and distribution system configurations and control methods were
modeled in the simulations. The study has made the following findings and conclusions under the above
context.

Generation

The study found that system net load (load minus PV production) variability increases with PV
penetration. As a result, with PV penetration increasing to 20 percent of peak load in the integration
cases, system day-ahead (DA) planning reserve requirements (contingency reserve excluded) increase 30
percent compared to the values without PV (reference cases), and regulation reserve requirements
increase 140 percent. These reserves are capacity from conventional generators to cover forecast
uncertainty and variability of the system. The trend of reserve requirements are depicted in Figures ES.2
and ES.3 using the DEC system as an example.
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Figure ES.2. Day-Ahead Planning Reserve Up of All DEC PV Cases. Shown as the ratio between the
requirements of PV case and corresponding reference case.
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Figure ES.3. Regulation Reserve Up of All DEC PV Cases. Shown as the ratio between the
requirements of PV case and corresponding reference case.
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The Duke Energy system was able to maintain reliable operations in dispatch simulations, evaluated
in terms of meeting ancillary service requirements and the target compliance level with North American
Electric Reliability Corporation Control Performance Standards, with the caveat that contingencies were
not modeled and contingency reserve requirement was assumed not affected by PV. Under the study
conditions, Duke Energy’s generation fleet proved capable of accommodating PV with an installation
capacity of up to 6800 MW, or 20 percent of peak load, the highest level investigated in this study.

PV integration imposes additional costs on Duke Energy’s current and planned conventional
generating fleet, resulting from the need of additional reserves and cycling of conventional generators to
compensate for PV variability. Although total system production cost decreases at higher PV penetration
rates (when the cost of PV energy excluded), the unit cost for conventional generation to serve the same
amount of energy increases with each increase in PV energy. Based on the load, resources, fuel prices
and other assumptions made in the study, PV incurs an integration cost that ranges from $1.43 to $9.82
per megawatt-hour (MWh) of PV energy (Figure ES.4) in comparison with reference generation. The
results show increasing unit PV integration cost at successively higher PV levels, which is consistent with
other similar studies [3][4].

10

9_

Integration Cost ($/MWh)

1
2 4 6 8 10 12 14 16 18 20

1 1 1 1

PV Capacity vs. Peak Load (%)
Figure ES.4. PV Integration Cost as a Fraction of PV Capacity to Peak Load (MW)*

Transmission

As modeled, PV supplies both real and reactive power resulting in an increase in voltage magnitude
proportional to the amount of PV output at sub-transmission buses where the distributed energy from PV

! Main factors affecting PV integration cost include resource mix and fuel prices, besides PV penetration and peak
load. In the Integrated Resource Plan (IRP) used for the study, 2014 and 2016 cases have the same resource mix,
while more efficient combined cycle and peaking units are added to later cases. This contribute to the result that
2016 cases show higher integration costs than those of 2018, but are more in line with the trend shown by 2014
cases. Difference in PV integration cost in years 2018 to 2022 results should be attributable to both increases in fuel
price forecasts and changes in resource mixes.
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sources is aggregated. The most affected areas in the Duke Energy system are in the 44-kV systems
where voltage magnitude violated the upper limit in the spring and fall cases during light-load conditions.
Voltage control devices modeled in the transmission system appeared not being able to handle this over-
voltage issue, which suggests mitigation procedures should be investigated further.

The amount of energy loss reduction in the transmission network due to distributed PV depends on
many factors such as the type of the conductors in the system, PV real power outputs and associated
power factor, and the nature of load. For the four power flow snapshots analyzed, transmission loss
reduction due to PV (i.e., difference in losses between the PV case and the case without PV) were
between 2.6 and 5.7 percent as a percentage of PV output. As PV output and other system conditions
change, the amount of loss reduction is expected to change, too. Analysis over a long time period
(preferably one year or more) is needed to get a reliable assessment on the total loss reduction.
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The addition of PV along distribution feeders was observed to provide both costs and benefits. The
study here attempted to determine general trends of them, rather than quantify specific values.

During higher load periods, typically in the summer, both real and reactive losses decreased. During
lower load periods, both real and reactive losses tended to increase. On average, feeders show a reduction
in losses due to the addition of solar distributed generation, particularly in the summer season. Spring and
fall indicate negligible changes in losses. Meanwhile, there is a wide range in the individual feeder
results. Any net benefit is dependent on feeder topology, PV penetration level, and interconnection point.

In the simulation, equipment overloads tended to decrease due to the offset of local power flow by
local generation, but in a few cases additional overloads were experienced mainly due to reverse power
flows. In a few cases, substation power factor was negatively impacted; this may require evaluation of
current capacitor settings, re-evaluation of solar installations’ reactive power requirements, and in the
future, perhaps the coordinated use of smart inverter technology by solar installers.

Feeders servicing PV installations experienced greater voltage fluctuations, and consequently, more
control actions by voltage regulation devices. Increased regulator operations in turn reduce asset life.
However, the severity or how quickly any individual PV site impacts the regulator life, depends on where
the PV installation is located, its relative size, and the load on the circuit, among other factors.

Discussion
Generation

It should be noted that projected PV system sizes and locations, future load growth, resource mix and
fuel prices, are a few assumptions that have great impact on study results. Although they were carefully
made with the best data available, future system conditions will be different. The sensitivity of PV
integration cost to PV locations, fuel prices, and thermal generation build-out should be investigated, in
addition to the defined scenarios, to fully understand the impact of these assumptions on study results.

Of similar importance to the above assumptions are the simulation models and their parameters, such
as PV production, DA and real-time forecasts, unit commitment and economic dispatch, automatic
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generation control and operator actions. New study tools and procedures to model PV production and
system operations were applied in the study. In some places necessary simplifications were made to
produce the results timely, while in other cases reasonable improvements to operation procedure were
modeled to deal with high-PV penetration rates.

For example, PV fleet forecasts for DEC and DEP in DA and real time were incorporated in reserve
requirements calculations, which do not yet exist in real practice. Unit commitment was performed using
actual load and PV production, instead of forecasted values as what happens in reality. Dynamic
operating reserves that vary with hour of the day were applied in the unit commitment process. These
models and parameters should be checked against real-world data for effectiveness as operation
experience at significant PV penetration rates is accumulated over time.

In summary, refined model assumptions, additional validation of modeling tools, and improved study
procedure should be attempted in future studies. Contingencies caused by conventional resources and
affected by PV systems should be considered. Frequency response of the system at high-PV penetration
rate, which was left out of the scope of this study, should also be investigated.

The same set of assumptions and models which affect study results significantly also point to the
directions of operation and technology improvements for a smooth transition toward the high-PV energy
mix. The improvements can be categorized into the following aspects:

1. Increase Fleet Flexibility — More flexible and efficient fleet tends to have a lower PV integration
cost and better control performance, which should be taken into consideration in hew generation
build-out. Storage and demand response are other effective approaches to meet such goals. Fleet
flexibility can also be improved by coordinating the balancing operations of DEC and DEP.

2. Reduce Uncertainty and Variability — Incorporating PV forecast into operation processes and
improving forecast accuracy can directly reduce operation uncertainty. Aggregation of PV
production in the two areas through BA coordination increases diversity and reduces total reserve
requirements, which further helps lowering PV integration cost. Research is ongoing to reduce
additional reserve requirements induced by PV variability through controlling power production
ramp rate and providing regulation service by PV inverters.

Efforts to make the above improvements are certainly not free. Nonetheless, the attempts should be
worthy if their costs are a fraction of the potential PV integration costs. These improvement solutions
need to be assessed through future studies.

Transmission

The transmission analysis is preliminary because of the seasonal day “snapshots” approach and
assumptions made about PV inverter and transmission system voltage control capability to manage
reactive power. Impacts on transmission on other days or over multiple day periods may have different
impacts than identified here. Improvement on the coordination of the transmission voltage control
devices, such as capacitor banks and inductors, could be made to alleviate the over-voltage issues with
PV. Similarly, advanced inverters on the market are able to mitigate some of the reactive power impacts
identified. Although those have yet to be deployed in the Duke Energy area, if these are adopted as either
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an interconnection requirement or industry standard, the reactive power impacts noted here will be very
different. These are several topics that should be researched further.

Distribution

Mostly qualitative observations were made considering the limitations of the study approach,
including low time resolution in the DEC system-wide study and short simulation time period in the
intermittency study on the selected feeder. In the future, both overloads and reactive power requirements
should be addressed through interconnection studies. If it becomes necessary for interconnection studies
to thoroughly assess the economic benefits and impacts (beyond safety and reliability), it is expected that
interconnection costs and time of delivery will increase and new tools may be needed.

The impacts noted will also result from a critical mass of customer-sited PV systems, although small
systems typically do not require interconnection studies. These systems are the cause of widely noted
distribution circuit level concerns among Hawaiian utilities, which currently experience much higher
small PV system penetration rates than in this study. The present study was too limited to evaluate the
distribution and magnitude of these concerns as an issue. Additional research may be warranted to assess
the need for modification of interconnection procedures, incentives, and rate treatment for small systems.
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Acronyms/Abbreviations

area control error

automatic generation control

combined cycle

clearness index

Clean Power Research, Inc.

Control Performance Standard

combustion turbine

day-ahead

demand response

balancing authority of historical Duke Energy Carolinas system
balancing authority of historical Progress Energy Carolinas system

distributed energy resources, such as distributed solar PV, combined heat and
power and storage

distributed generation

Distribution Management System

Distribution Operator Training Simulator
Electric System Intra-hour Operation Simulator
integrated resource plan

Independent System Operator

operating and maintenance
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1.0 Introduction

1.1 Background

North Carolina Senate Bill 3 (SB3) established renewable energy goals for the state’s utilities,
including the Carolinas service areas of Duke Energy, starting at 3 percent in 2012 and leveling off at
12.5 percent in 2021. The bill encouraged utilities to meet this goal using energy from a variety of
renewable resources and other measures. To date, solar photovoltaic (PV) projects have dominated Duke
Energy’s efforts to comply with the requirements of SB3.

Recent and expected continued decreases in the cost of PV projects, coupled with a 35 percent state
tax credit for PV installations are undoubtedly behind this trend. In addition to the PV that is entering the
system in response to SB3 requirements, a significant amount of qualified facilities are entering the
system simply leveraging the favorable incentives in North Carolina, primarily the tax credit. At the time
of this analysis Duke Energy had over 2000 MW of PV projects in its interconnection queue.

PV generation provides sustainable energy at a predictable price. Along with other potential benefits,
such as reduced transmission and distribution losses [1][2], PV can become an important future utility
resource. However, over-reliance on one type of resource that is variable and cannot be dispatched, can
present operational challenges costly to manage. In addition, PV projects are typically much smaller and
less constrained by location than conventional generators. This may lead to clustering of projects at
locations that create reliability concerns.

Existing studies suggest too high or too rapid penetration of PV capacity could affect utilities’ ability
to maintain levels of reliability and the reasonable rates expected by ratepayers and other stakeholders
[3]1[4][5], if no changes are made to the current power system. Both potential benefits and prospective
costs of PV generation will vary from utility system to utility system, depending on penetration rates,
resource mix, operation practice, PV system locations and other factors. The solar and utility industries
are learning more from each other’s concerns and addressing them with advanced inverters and control
systems and smarter operation approaches for anticipating and managing daily, hourly, and real-time solar
power production respectively.

This is a healthy situation, because continued decreases in the cost of solar PV systems suggest higher
penetration rates in the future for all utilities, including Duke Energy, even in the absence of renewable
mandates. Thus far, the Duke Energy system has been able to meet the goals of SB3 and accommodate
the rapid addition of PV; its continued ability to do so while maintaining customer and regulator
expectations for reliability and reasonable rates was the impetus for this study.

1.2 Objectives

The goal of this study was to determine, for Duke Energy service areas in the Carolinas, the impacts
of solar PV generation on ancillary services and production cost of the conventional fleet on the
generation side, and voltage, power flows, and losses in the transmission and distribution system. The
study attempts to produce results in a timely manner using available data and analytic tools, to identify
potential areas of concern, measure the degree of impact, and provide guidance for further actions, rather
than undertake a more intensive and exhaustive study that could take several years. Accordingly, the
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study was limited to production cost modeling and steady-state, power flow simulations using data and
tools familiar to Duke Energy and supplemented by new tools and analytics from the study team.
Potential PV impacts on system dynamic characteristics, including frequency response, dynamic and
transient stabilities are not within the scope of this study. It is expected that findings from the study can
be used to inform decisions establishing avoided cost rates for qualified facilities, PV interconnection
requirements and to guide resource plans and future investment.

OFFICIAL COPY

1.3 Methodology

The benefits, costs, and “value” of PV have been assessed in a variety of forums including those for
integrated resource planning (IRP), resource acquisition, rate-making, and avoided costs. Each of these
forums has evolved to address a specific aspect of utility planning, operation, and rate setting along with
similarly specialized analytic methods and tools. None of these methods provides a fully integrated
evaluation capability extending from distribution through transmission to generation (and vice versa) or
from minute-by-minute dispatch through typical ten to twenty year resource option analyses. This report
describes an effort to approximate such an analysis so that results of distribution, transmission and
generation analyses are internally consistent. In the absence of an all-encompassing modeling tool,
several purpose-specific tools were used. This is a second-best solution, but it represents an improvement
over other methods reviewed by the study team.

Apr 25 2014

In the interest of time, analyses were divided along structural lines into tasks specific to generation,
transmission, and distribution. Analysis of generation effects was performed by Pacific Northwest
National Laboratory (PNNL) and Power Costs, Inc. (PCI), using GenTrader, Electric System Intra-Hour
Operation Simulator (ESIOS) and information from the current IRP filings for the Duke Energy Carolinas
(DEC) and Duke Energy Progress (DEP) systems. Transmission modeling cases were designed and
conducted by the Duke Energy transmission planning team using PSS/E. Alstom, using their Solar DG
(distributed generation) Modeler and Distribution Operator Training Simulator (DOTS), modeled the
distribution effects. In both the transmission and distribution studies, PNNL verified the simulation
results and developed the analysis results. Solar PV system performance was modeled by Clean Power
Research (CPR). Duke Energy personnel provided data and other support, and made important
contributions to the development of detailed study procedures. PNNL incorporated the results from each
of these studies into this report. Figure 1.1 illustrates the structure of the study team and tasks.

GenTrader is a suite of software tools specialized in generation scheduling, available from PCI. The
Fuels and System Optimization Group at Duke Energy currently uses GenTrader to create unit schedule
and fuel-burn projections that are used to update rate filings in both North Carolina and South Carolina.
ESIOS is a suite of tools developed by PNNL, with capability to model automatic generation control*
(AGC) and operator dispatch actions. It is based on experience accumulated through years of analysis on
wind and PV integration issues for several utilities and independent system operators (1SOs) [3], [6]-[10].
ESIOS is not a commercial product, but a research tool that continues to evolve. PSS/E is the tool
developed by Siemens for power system analysis in the transmission system. A number of traditional
planning and research-orientated simulation tools exist for addressing the impact of solar DG at the
distribution level [21]. However, each of these tools has limitations, particularly in the availability of

! AGC is an automated mechanism for adjusting the power output of multiple generating resources of an electric
power system, in response to instantaneous changes in the load.
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models and data within Duke Energy’s current work flow. Conversion and validation of models between
tools can be costly and time consuming. Alstom’s DOTS, which uses the same inputs and models as their
Distribution Management System (DMS), was used because of the availability of the models for Duke
Energy’s distribution system. This allowed for a broader evaluation of feeders within the service
territory.

Solar Integration Study
-Study Scenario Development
-Results Analysis and Reporting

Pacific Northwest National Lab (PNNL)

Generation Impacts Transmission Impacts Distribution Impacts

*  Ancillary Services *  Voltage Analysis *+ \oltage Analysis
Equipment Operation = Equipment Operation
Loss reduction *  Loss reduction

GenTrader (Energy) *  PSS/E *  Alstom DMS (Modified
ESIOS (Ancillary) model within DOTS)

PNNL/PCI *  Duke Transmission
Planning

Alstom

Ancillary service

requirements study *  Power flow and voltage
Analysis of fleet dispatch analysis

changes as solar increases

Production cost model

Sequential power flow
and voltage analysis

Approach

Figure 1.1. Study Structure Overview

To analyze generation impacts, different approaches have been applied in existing work. Studies [1]
and [2] both used an underlying assumption that the integration of renewables will only replace the
marginal generator; therefore, the avoided energy cost can be calculated using the cost of the marginal
generator or the marginal price of power in the market. This assumption is not true when PV penetration
increases to the point where it will displace intermediate and base load generators and increase the cycling
of them. Production cost simulation provides a more reliable approach to study the benefits and costs of
integrating renewable generation. PV studies employing such an approach include the NV Energy study
[3], the APS study [4], and the PJIM wind and PV study [5]. This study uses a similar production cost
simulation approach for integration cost assessment.

Conventional generating resource options were taken from the IRP filings. GenTrader was used to
model unit commitment and hourly dispatch. ESIOS was used to model intra-hour dispatch. The results
of both analyses were combined to include cost of base load generators and market transactions in
GenTrader and of AGC, pumped storage and peaking units from ESIOS re-dispatch. CPR simulated the
performance of solar systems representing every area in the Duke Energy system. This allowed for
analysis of the distribution of PV as a generating resource anywhere, and potentially everywhere.
Transmission analyses were conducted for four seasonal days as “snapshots.” The use of selected days
for case study is consistent with current transmission planning and analysis procedures at Duke and many
other utilities. Hourly sequential power flow simulations were performed on the entire DEC distribution
system and 3-minute interval simulations were conducted on one feeder as a case study to understand PV
impacts on feeder voltages, power flows, voltage control device operations, and system losses. The
distribution feeder case study is illustrative; it was not designed to be representative, as one feeder cannot
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represent the necessary variety of feeder conditions and potential combinations of PV loading and
interconnections along a feeder.

It should be noted that assumptions and simulation models and parameters directly affect the study
results. Necessary simplifications were made to produce the results timely. Careful and reasonable
adjustments to the operation model were made to deal with high PV penetration rates. However, to
ensure results were sufficient to answer the critical questions, further studies are recommended later in the
report for additional areas that should be addressed.

1.4 Organization of the Report

The rest of this report is organized as follows. Chapters 2, 3, and 4 present the scope, methodology,
data inputs, and results for generation, transmission, and distribution studies, respectively. Chapter 5
summarizes the findings and suggestions for further research, and reference citations are provided in
Chapter 6. Each of these topics is summarized within the body of the report and more detailed
information, tables, and charts consigned to the appendices to accommodate a wider range of readers with
interest in this subject and these findings.
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2.0 Generation Study

2.1 Scope

The generation study is one of three components of this report. It focused on quantifying the impacts
of various levels of PV on ancillary service requirements and on system energy production costs in the
Duke system. Energy production cost is based solely on the conventional generation fleet and does not
include the cost of PV generation. PV energy and capacity are valued using the “peaker” method in Duke
Energy’s avoided cost tariff, and thus is not included in this study. The DEC and DEP systems were
studied as individual balancing authorities in the assessment of reserve requirements, intra-hour dispatch
and control performance, while generation commitment and dispatch is modeled jointly, mimicking how
Duke Energy currently operates.

2.2 Methodology

2.2.1 Modeling Approach

Realistic PV production data that is weather synchronized with load is a critical input to the study.
Synthetic PV output was produced based on the SolarAnywhere® FleetView™ modeling tool* for all
study scenarios. Using locations and PV capacities of each scenario, the tool modeled PV production for
each hour for a fixed system at each location. To account for variations in system configurations and
anomalies such as inverter clipping, modeled PV data was calibrated against a set of utility-metered data.
In addition, PV data with 1-minute resolution was created using a cloud motion vector method and
calibrated in a similar fashion to the hourly data.

Duke Energy system day-ahead (DA) planning reserve and regulation reserve requirements were
analyzed by modeling DA and real-time forecasts for PV and load. For simplicity, the term operating
reserves is used when referring to both of DA planning and regulation reserves. Please note the DA
planning reserve here should not be confused with the planning reserve margin in the IRP context. DA
forecast errors and variability of PV and load from minutes to hours all contribute to the DA planning
reserve requirements. Real-time forecast errors and variability of PV and load at the minute time scale
determines regulation requirements. The contingency reserve requirement is a component of the Duke
DA planning reserve, and is not assumed to change with PV.?2 Consequently it was excluded in the DA
planning reserve calculations for this study.

! SolarAnywhere® is a database of solar irradiance derived from NOAA GOES East satellite-imagery and
temperature. Using SolarAnywhere® PV production can be simulated from 1998 to the present to analyze historical
variability and trends.

2 According to current NERC Disturbance Control Performance Standard BAL-002-2, minimum contingency
reserve requirement is determined based on a balancing authority’s Most Severe Single Contingency. PV systems
are usually much smaller in capacity compared to conventional power plants, and therefore, will not affect
contingency reserve requirement based on this standard. On the other hand, the possibility of suddenly losing a large
amount of PV generation cannot be ruled out, due to weather or anti-islanding design of distributed PV responding
to a system fault. The severance of this type of situation is subject to further investigation and outside the scope of
this study.
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Impacts of PV generation on energy production were analyzed by modeling Duke system generation
commitment and dispatch. Because PV variability spans time scales from tens of seconds to months,
energy production modeling uses 1-minute resolution and is performed for one year for each study case,
to better capture the operational impacts of PV. Generator unit commitment and hourly dispatch were
modeled by PCI using GenTrader. Different reserve requirements at various PV penetration rates were
incorporated in the unit commitment process. A dynamic conventional generation fleet from the Duke
Energy IRP is used for the study, which adjusts resource expansion plans according to expected load
growth, energy efficiency programs, electric vehicles, etc., as well as projected PV installations in the
compliance scenario. Therefore, the generation fleet varies from year to year, while staying constant for
different PV penetration scenarios in the same year.

Intra-hour dispatch of generators connected to AGC, peaking units and pumped storage were
simulated by PNNL using Electric System Intra-hour Operation Simulator (ESIOS), with schedules
produced from GenTrader. Details about ESIOS dispatch approach can be found in [6] as well as in
Appendix A. Control performance was assessed using North American Electric Reliability Corporation
(NERC) Control Performance Standard 2 (CPS2)* for various PV penetration cases.? Adjustment of
reserves and unit dispatch was performed when necessary to make sure the target performance range was
achieved. PV integration cost® was then evaluated by comparison of energy production cost between PV
cases and reference cases. Besides quantifying PV impacts on operating cost, the results can also provide
system operators with more insights on what to expect with different amount of PV generation in the
system. Generation study tools and the process used in this study are shown in Figure 2.1.

Load, resource, fuel
price and market data

V2 VY A\

AGC  Real-time Dispatch Unit Commitment Resource Planning

Resource Schedules

v

Second Minute Hour Week Month Year

Figure 2.1. Generation Study Tools and Process

! The NERC CPS2 calculation is a NERC control performance measure designed to bound area control errors
(ACE) 10-minute averages and to limit excessive unscheduled power flows that could result from large ACEs) [11].
% CPS2 was the main metric used by Duke Energy operations at the commissioning of the study, while the new
metric balancing area ACE limit (BAAL) was still in field trial. Control performance could be evaluated using
BAAL standard in the future if it replaces CPS2 in operations.

*The integration cost captured in the study comes from fuel efficiency loss, startups and O&M costs resulting from
additional reserve requirements and dispatch of resources to match variable generation and load. The impact of
wear and tear caused by generator startups and output adjustments is not considered.
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2.2.2 PV Production Data

2221 Overview

DukeEnergy provided a list of resource locations throughout the DEC and DEP systems. These
include both sites of actual PV installations and zip codes where capacity is expected to be installed.

Figure 2.2 shows a map of the system locations. Yellow squares correspond to installations in DEC,
while green squares correspond to those in DEP. There were 918 PV systems modeled for DEC and 290
modeled for DEP, for a total of 1208 systems. Hourly, normalized PV production data from the models
was calibrated such that modeled aggregate production matched the aggregate output of a selected set of
Duke Energy metered systems. This process was necessary to account for differences in design
configurations. Calibration was performed separately for DEC and DEP.

2 9 Lo y s Google'éarth

Data Sl us

Figure 2.2. Map of PV System Locations used in the Generation of PV Fleets

After modeling PV production and calibrating against measured fleet-level data, the modeled PV
production was then scaled and aggregated to create hourly fleet production in time-series data sets
corresponding to Duke Energy anticipated future-year PV penetration levels (Duke Energy provided the
scaling factors). These scaling factors were used to create modeled fleet-level production time series for
the DEC and DEP systems in 2014, 2016, 2018, 2020, and 2022 under three different PV growth
scenarios.

Finally, CPR created high time-resolution data sets for use in the evaluation of ancillary services.
This resulted in data for individual systems and fleet aggregations corresponding to 1-minute time steps
with 1-km x 1-km spatial resolution.
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2.2.2.2 PV Systems Data

In order to simulate the various levels of PV penetration, it was necessary to distribute PV across the
sites identified by Duke in Figure 2.2. To do so, each location was geocoded. For locations identified by
street address, the latitude and longitude of the address was determined. For locations identified by zip
code, the zip code centroid was determined and latitude and longitude was taken for that location.* For
each location, the corresponding “pixel” of SolarAnywhere® irradiance data was determined for
modeling purposes.

Systems were defined as follows.? Each system was given a 1 KW-AC rating based on a 15 percent
loss factor, a 95 percent load-weighted average inverter efficiency, and a 90 percent module de-rate
factor. Systems were modeled as south-facing, fixed (non-tracking) with a 25 degree tilt angle, to
maximize energy production. Most systems were identified by Duke Energy as “ground mounted,” in
which case a row count of 12 and a relative row spacing value of 2.5 were used (typical values for
systems about 1 MW in size).

The resulting time series corresponded to single PV systems with the above attributes. These time
series were then modified by applying power-level scaling factors as described in Appendix A.

2.2.2.3 Solar Irradiance Data

Solar irradiance data is from SolarAnywhere®, and is available in one of three formats: standard,
enhanced and high resolution. High resolution data was required for the creation of the 1-minute data
sets. The high resolution data set is only available on a case-by-case basis. For this project, enhanced
resolution irradiance data was created covering the rectangle that encompasses all points of interest.
Then, the high resolution data was created using cloud motion vector methods. Figure 2.3 below shows
satellite images of Charlotte, North Carolina, with 10-km and 1-km grids for comparison.

EE

Figure 2.3. Satellite Images of Charlotte, North Carolina. The left image shows 10-km gridding
while the right image shows 1-km gridding.

1 All 918 DEC PV systems and 255 of 290 DEP PV systems used zip code center. An additional 32 DEP PV
systems were located based on street address and 3 were located based on the center of the county they were in.

% Data sets were originally produced for systems with 35 degree tilt angle and not row shading. Based upon a Duke
Energy review of this data against metered system data, the system specifications were modified as described here
and the calibration method was implemented.
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2.2.2.4 PV Production Data Validation

To provide a check on the resulting data, capacity factors were calculated and inspected for each
system. A sample PV system in the DEP area was also selected for detailed evaluation. The annual
energy for the sample PV system when simulated with hourly data was 1933 kWh vs. 1900 kWh when
simulated using 1-minute data (101.8 percent of the annual energy when simulated with 1-minute data).
The minimum power for selected system was 0 kW, while the maximum power was 1.13kW.

The simulated PV data was also calibrated against the aggregated PV output from existing PV
systems in the DEC and DEP service areas, respectively. Details can be found in Appendix A.

2.2.3 Quantifying PV Integration Cost

2.2.3.1 Integration Cost Components

The variability and limited predictability associated with PV can cause the power system to incur
additional costs, resulting from the need of carrying additional reserves and cycling of conventional
generators to compensate PV variability. The following costs have been cited in existing renewable
integration studies [3][4][20]:

1. Efficiency loss resulted from additional cycling (startups and adjustments in output to balance
generation and load) of conventional generating units and the need for extra reserves to follow the
additional variability and prepare for the uncertainty introduced by PV generation — Additional
operating reserves, unit startups and more frequent up and down ramping movements are
required, which causes additional fuel cost compared to the case of serving same amount of
energy but with less cycling.

2. Increased capital and operating and maintenance (O&M) cost from cycling the conventional units
— These include the generating unit startup cost, and additional wear and tear from cycling of the
conventional units that may reduce the time interval between maintenances outages, increased
unplanned outages, and reduced lifetime for mechanical parts, all of which results in incremental
capital and O&M cost.

3. Energy curtailment (the cost to manage excess PV energy production) and other reliability impact
mitigation approaches, whether operational or technological — PV production during off-peak
periods can result in generation in excess of need. To restore load/resource balance excess energy
may need to be exported at uneconomic prices (including negative prices), dispatch of generation
out of merit (least cost) order, or disruption of transmission schedules. Too rapid change in PV
production can outrun the response rate of thermal generators. Technical solutions such as
increasing the operating range and ramp rate of generators and adoption of energy storage and
demand response resources can be implemented to increase the flexibility of the fleet and avoid
deterioration of control performance but at additional cost.

4. Capacity cost of increased operating reserve requirements — This includes the capital and
operating costs of such reserves to meet the need of integrating PV energy, whether provided by
the utility company’s own fleet or acquired from the market; and potentially the lost opportunity
to serve capacity and energy in the market if the reserves are self-provided.

OFFICIAL COPY

Apr 25 2014



SNIDER EXHIBIT 1

It should be noted that integration of PV energy generally results in net reduction in total energy
production cost measured by fuel, startup and O&M costs of the conventional fleet. It also reduces the
capacity required from conventional generation to meet peak demand. These are the energy and capacity
benefits of PV, or avoided costs by the utility. The integration cost components identified above occurs
while accommodating PV energy and are physically inseparable from its benefits. Methodology has to be
carefully designed to quantify such costs.

Among the above components, items 1 and 2 can be calculated from production cost simulations, and
are the focus of the PV integration cost investigated in this study. Within item 2, impact of wear and tear
on AGC units caused by more adjustments to balance generation and load was not considered due to the
lack of data and time constraints.

Item 3 depends on the actual mitigation approaches needed and can be quantified by including
mitigation solution models in the production cost runs. No such approaches were taken beyond the
resources available in the Duke Energy system’s IRPs used in the study. Therefore, item 3 is not
specifically addressed in this study.

Item 4 can be calculated using the capacity cost of new resources, market price of reserve capacity, or
the opportunity cost of providing these reserves with existing resources, after quantifying the incremental
reserve requirements with PV. The investigation on this item is outside the scope of this study.

Table 2.1 summarizes the PV integration cost components discussed above and whether they are
captured in this study.

Table 2.1. PV Integration Cost Components

Cost Components Fuel Efficiency Loss  Additional Capital Operational and Capacity Cost
and O&M Cost Technological of Additional
Improvements Operating
Reserves
Causes Carrying additional More startups; Fast variations with ~ Capital and
reserves; PV production; operating cost
Impact of wear and Undispatchability of resources
More startups and tear on maintenance  and limited providing
more frequent output  cost and components  predictability of PV additional
adjustments. lifetime. production. operating
reserves.

Quantifying
Approach

Captured in the
Study or Not

Production cost
modeling

Yes

Production cost
modeling

Partially (wear and

tear not included)

Production cost
modeling with
additional
operational and
technological
solution models

No

Capacity cost of
new resources
or opportunity
cost of existing
resources in the
market

No
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2.2.3.2  Study Procedure

Figure 2.4 shows the flow of tasks in the generation study. Block A in Figure 2.4 determines the
amount of DA planning reserves needed to cover forecast uncertainty at the unit commitment time
horizon as well as the within-hour variability for both energy demand and PV energy production. Block
A also determines the amount of regulating reserves to cover the minute-by-minute mismatch between
generation and load. In this study, DA and real-time load and PV forecast models were constructed to
include the impact of forecast uncertainty. Alternatively, perfect load and PV forecasts can be assumed in
Block A to remove the impact from forecast errors so that the reserve requirements only count for load
and PV variability. The approach to derive the reserve requirements is described in Section 2.2.4.

The above reserve requirements are applied to GenTrader runs in Block B and affect the system
production cost through the unit commitment and dispatch process. When performing unit commitment,
Block B uses actual hourly load and PV production as well as includes reserve requirements to cover
forecast uncertainty and load and PV variability. Compared to the real-world situation, where generation
is scheduled based on load and PV forecasts, such treatment will usually incur a lower production cost,
and therefore the PV integration cost results may be more conservative.

Scenario Definition and
Analysis Assumptions

v v

CPR PV Case Definition, Historical and Forecast Data Expansion Plans for Future
Modeling, and Producing PV for Duke System Load, Fuel Scenarios: Resource Build-
Production Profile and Emission Price... out (Type, Size and Location)
PNNL Reserve Model Setup GenTrader Configuration and
for PV and Load Scenarios Case Setup
v v
Calculation of Reserve 1 GenTrader Production Cost
Requirements ) Runs

vg)

A 2
)
ESIOS Runs to Dispatch AGC,
P o 3 Energy and Ancillary
Storage and Peaking Units; : .
e Service Costs Analysis
erify Control Performance

C | |

v

Analysis of PV Operational
Impacts

Note: 1. Operating reserve requirements; 2. Hourly resource schedules; 3. Minutely dispatch results and
cost.

Figure 2.4. Block Diagram of the Study Procedure
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Block C in Figure 2.4 performs minute-by-minute dispatch simulation using ESIOS. Although actual
AGC systems operate at 2-second or 4-second intervals, 1-minute time resolution is deemed sufficient to
capture the impact of PV production on system frequency regulation, which is the main purpose of AGC
systems. The AGC model in ESIOS deploys reserves on AGC units to control the area control error
(ACE). The Operator Model within ESIOS monitors system reserves and operates peaking units to
control ACE and meet control performance requirements. System control performance can be evaluated
to make sure that a desired CPS compliance range is achieved. Unit commitment, energy curtailment,
reserve requirements, peaking units dispatch strategy or other assumptions may be adjusted to improve
control performance, although no energy curtailment was performed in this study. Detailed descriptions
of the AGC and intra-hour dispatch models in ESIOS can be found in [6].

In summary, data provided by Duke Energy and from simulations by the analysis team were used in
an operational model to dispatch the Duke Energy system with various levels of installed PV capacity.
Comparing results across the simulations provides an estimate of additional reserves and production costs
for successively higher PV penetration rates.

2.2.3.3 Energy Production Cost Runs

The purpose of production cost modeling is to estimate operational costs of meeting demand with a
specified generation fleet. It has been applied in the development of the most economic unit commitment
and dispatch solutions in day-to-day operations, as well as finding the most optimal resource build-out in
capacity planning. PV generation impacts on energy production cost can be quantified through such
modeling approach by adding PV production to an existing resource expansion plan. Operating reserves
to cover additional forecast uncertainty and within-hour variability caused by PV are modeled in the unit
commitment step as constraints.

Because energy production cost modeling only captures costs on the conventional generation units
(fuel, startup and O&M), total system production cost will decrease as PV penetration rate becomes
higher and PV generation serves a larger portion of load. For this reason, the integration costs discussed
in Section 2.2.3.1 will be hidden by the reduction of energy served by the conventional fleet. It is well-
recognized that estimation of PV integration costs has to be made by the comparison of production cost
between the PV case and another case where the same amount of energy from conventional generation is
provided [20]. A reference case was, therefore, developed for comparison with each PV case. PV
integration costs on energy production was derived by comparing the reference and integration/PV cases:

1. Integration case: This is the case with PV generation. PV power output is modeled as negative
load. Conventional generators are dispatched to meet net load, which is system load minus PV
production.

2. Reference case: A reference generator (same as the term “proxy” used in some literatures) is
introduced to replace PV output in the integration case. Conventional generators are dispatched to
meet a reduced system load, which is system load minus reference generator production.

The daily energy for reference generation is equal to daily PV energy; consequently, the energy
served by the conventional generating fleet is the same in the integration case and the reference case.
Therefore, PV integration cost can be determined by comparing the energy production cost between the
two cases.
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The reference generation profile requires a few other considerations besides equaling PV energy. The
methodology is described in Section 2.2.5.

In the simulations, GenTrader runs determine unit commitment and schedules for baseload and
AGC generation resources, while ESIOS redispatches AGC, pumped storage and peaking units. The
production cost of each run is calculated by combing GenTrader and ESIOS cost components as shown
in Table 2.2.

Table 2.2. Cost Components and Sources

Cost Components®  Startup Fuel Variable O&M Fixed O&M
Base load units GenTrader GenTrader GenTrader GenTrader
AGC units GenTrader ESIOS ESIOS ESIOS
Peaking units ESIOS ESIOS ESIOS ESIOS
Pumped Storage ESIOS N/A ESIOS N/A

@ The definition of startup, fuel and O&M costs are slightly different in GenTrader and ESIOS. In ESIOS the startup cost
also includes startup fuel and startup O&M, while in GenTrader these items are included in the fuel and O&M costs.
Therefore, final energy production cost was calculated as GenTrader production cost plus the differential of AGC, peaking
and pumped storage unit costs after and before re-dispatch by ESIOS, to avoid any double counting, instead of directly
adding each component together.

The process to perform energy production cost simulations in each case follows: Block A > Block B
> Block C, as shown in Figure 2.4 and described in Section 2.2.3.2,

2.2.4 Reserve Requirements

2.2.4.1Types of Reserves

In the Duke system, the following reserves are used in operations:

e Day-ahead planning reserve (DA PR): Additional generation required in DA planning that are
intended to mitigate forecast errors (uncertainty), within-hour variability and loss of generation.
However, it is assumed that the current contingency reserve requirement (as dictated by the
VACAR Reserve Sharing Group) does not increase regardless of the amount of PV integration.
With respect to this study, DA PR refers only to the components associated with forecast
uncertainty and variability with system generation and load.

e Regulation reserve (RR): RR the reserve needed to cover minute-by-minute variations of load and
PV. RR requires fast response and therefore must be provided by units on AGC. RR is also a
component of DA PR.

Dynamic operating reserves that vary with hour of the day were applied in the unit commitment
process in the study. In general, response time of up to one hour is acceptable for PR. Therefore, PR can
be fulfilled by AGC, other online or offline units, or storage and demand response resources' that can

! Because of the requirement of advanced notice and limitation on the number deployments of demand response
resources in the Duke Energy system, demand response was not used for DA planning reserves. It is not used for
regulation reserves either due to the limitation of response time and uncertain availability. However, as better
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respond within 1 hour. Table 2.3 summarizes the types of reserves and the resources that can provide
them.

Table 2.3. Types of Reserves and Qualified Resources

Reserves Qualified Resources

DA PR Up Online base and AGC generation, online and offline units, pumped storage and
demand response resources that can respond within one hour

DA PR Down® Online base and AGC generation, online peaking units, pumped storage and
demand response

RR Up Online AGC generation and pumped storage

RR Down Online AGC generation and pumped storage

@ The current operation practice at Duke Energy does not involve a DA PR down requirement, other than having a plan as to
what units will be taken off and in what order if there is minimum load or over generation issues. The reason is that without the
presence of significant variable generation, the issue of generation “tripping on” (generation showing up that was not expected)
does not exist. Over generation does not happen very often. With high penetration of solar, generation can actually “trip on,”
which requires system operators to manage differently.

2.2.4.2 Day-ahead Planning Reserve Calculation

DA planning reserve for the reference case is calculated as the difference between the actual load and
DA load forecast. For the PV case, it is the difference between the actual net load and the DA forecast of
net load, where net load = load — PVV. When forecast data is not available, which is true for future study
years, statistical models can be constructed based on historical forecast performance to simulate forecast
errors. Such approach is used in this study (details are described in Section 2.2.4.4).

DA planning reserves in the PV case can be greater (for upward reserve) or less (for downward
reserve) than the reference case because of the additional forecast uncertainty and variability with PV
production. The reserve values were calculated for each operating hour, using the following procedure:

1. Calculate the DA planning reserve requirements time series (load or net load minus its DA
forecast) for the entire month, with 1-minute resolution

2. For each operating hour, group all the reserve requirements data within this hour during the entire
month

3. Rank all the data within this hour and truncate 5 percent of the points. This will give us 95
percent of confidence level to meet control performance requirements within this hour

4.  Find the maximum and minimum values of the truncated time series as the DA planning reserve
requirements for this operating hour

5. Ten series of Monte Carlo simulations are used to provide a more robust evaluation. The final PR
values are the average of the 10 runs.

Figure 2.5 shows an example of DEC system DA planning reserve requirements (without contingency
reserve) in year 2022, comparing the PV and reference cases.

demand response models and operation techniques are developed to manage the limitations, demand response is
expected to provide these reserves in the future.

OFFICIAL COPY

Apr 25 2014



SNIDER EXHIBIT 1
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Figure 2.5. Example of DA Planning Reserve Requirements

2.2.4.3 Regulation Reserve Calculation

Regulation reserve is calculated as the difference between actual net load and real-time schedule of
net load. There are multiple approaches to create real-time forecasts. A persistence model is used in this
study (details can be found in Section 2.2.4.4). A similar procedure to DA planning reserve calculation is
applied to find the regulation requirements for each operating hour in a month. The Ly," limit of CPS2 is
deducted from RR requirement because ACE values within the Lo limit are allowed. ACE is simulated
as the imbalance between generation and load. Figure 2.6 shows an example of DEC system RR
requirements in year 2022, comparing the PV case and reference case.

DEC, January 2022
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Figure 2.6. Example of Regulation Reserve Requirements

! L1 is the bound for ACE 10-minute averages in CPS2 calculations, above which a violation is counted for a
10-minute period.
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2.2.4.4 Day-ahead Forecast and Real-time Forecast

A. Load Forecast Error Model

Day-ahead forecast and real-time forecast are used in the calculation of DA planning and RR
requirements, respectively. DA forecasts are modeled using the approaches described in detail in
Appendix A. Construction of the forecast error model was based on historical forecast data. Such model
allows analysis to be performed for years when historical forecast data are lacking, whether it is in the
past or in the future.

The real-time load forecast was constructed based on minute-by-minute load data, using the naive
persistence model with 10-minute interval. The naive persistence model assumes that the load is the same
as what it was a certain number of minutes ago (10 minutes forecast lag time is used in this study). Then
a 10-minute ramp length between two real-time forecasts was added.

Figure 2.7 illustrates the day-ahead and real-time load forecasts.

I
Actual Load
Day-ahead Schedule
Real-time Schedule

13

Load, MW
=
N
1
T

| | | | | | | | | |
1.34 1.35 1.36 1.37 1.38 1.39 1.4 1.41 1.42 1.43
Time in minutes

4
x10

Figure 2.7. Illustration of DA and Real-Time Load Schedule

B. PV Forecast Error Model

PV forecast error model was constructed for the aggregated PV output at the BA level. The methods
used for generating DA and real-time PV forecast errors are similar to the ones used for system load. The
PV forecast is affected by daily weather conditions measured using clearness index (CI). Frecast error is
limited to the maximum output of each operating hour. Additional treatment that associates PV forecast
errors with the Cl is applied to reflect the above properties. Detailed steps are described in Appendix A.

The same persistence model for the real-time load forecast is used to calculate the real-time PV
forecast. Day-ahead and real-time PV forecasts are illustrated in Figure 2.8.
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Figure 2.8. Illustration of DA and Real-Time PV Schedule

Table 2.4 lists the main parameters needed for the models to quantify reserve requirements.

Table 2.4. Parameter List used for Calculation Reserve

Parameters Values
Study Year 2014

Study with Forecast Error? Yes

Study with Solar? Yes
L10_DEC 106.78 MW
L10_DEP 83.79 MW
Real-time Forecast Interval 10 minutes
Real-time Forecast Ramp 10 minutes
Real-time Forecast Lag Time 10 minutes

2.2.5 Reference Generation Profile

To compare a PV case to the reference case, it was necessary to duplicate the energy produced in each
PV case on a daily basis. This ensures conventional generators in both cases are dispatched to meet load
on an equivalent basis. The following goals were considered when developing the profile of reference
generation:

1. Daily energy produced by reference generation is equal to the daily energy of PV generation
2. Reference generation does not increase the amount of ancillary service requirements
3. Reference generation does not force more cycling of conventional generators.

Various types of reference generation profiles have been proposed in existing studies, usually only
partially meeting the above goals [20]. In this study, an improved approach for the reference generation
profile is developed as follows:
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Define:
t=1, 2, ..., 24, representing the 24 hours of a day.
PV(t) is the PV production in hour t.
Load(t) is the load in hour t.
Pref(t) is the output of reference generator in hour t, which can be obtained from (1)

Pref(t) = {Load(t) — min[Load(t)]} * k 1)
where k can be determined by inserting (1) into (2)

Y221 Pref(t) = XE2, PV (¢) )

Equation (2) means that the reference generation produces the same amount of daily energy as PV.
Combining (1) and (2), we get

Pref(t) = {Load(t) — min[Load(t)]} * Zgilpv@ (3)
24, Load(t)—-min[Load(t)]

Reference generation profile can be provided by a dispatchable generator, and is an alternative to
produce the same amount of energy as PV, but optimized to reduce its impact on system operating reserve
requirements and the operation of other generators. The energy value of the reference generator would be
similar to PV, therefore, the production cost difference between the PV/integration case and the reference
case can be attributed to ancillary services and other impacts (the cost components listed in Section
2.2.3.1) of integrating PV. Figure 2.9 and Figure 2.10 illustrate the results produced using the above
approach.
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Figure 2.9. Reference Generation Profile-Winter
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Summer Load Example
12000 T T

10000 |

8000 [
= | PV
s 000 Ref
Load
4000 - —*— NetLoad Ref L
——o— NetLoad PV
2000 b

Hour

Figure 2.10. Reference Generation Profile-Summer

For readers without color, in Figure 2.9, the highest curve on the top is load. The curve immediately
below the load curve with asterisk is load minus reference generation, or net load of the reference case.
For comparison, the curve with circles is load minus PV generation. The PV production profile is one of
the two bottom curves; the one that peaks in the middle of the day. The other curve on the bottom is the
reference generation profile. Figure 2.10 follows the same arrangement.

Although not an issue in the cases investigated in this study, it is possible that k can become greater
than 1 when PV penetration is very high. In this situation, we can calculate Pref(t) using (4), which lets
the reference generator take care the entire variable portion of the load:

24 _\'24 —mi
Pref(t) = {Load(t) — min[Load(t)]} + Ze=1 PV (6) Zt:lLozjd(t) min[Load ()] 4

Figure 2.11 illustrates a case when k >1, with the same arrangement of curves as for Figure 2.9.
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Figure 2.11. Reference Generation Profile-Winter (k >1)
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2.3 Data Inputs and Assumptions

2.3.1 Study Scenarios
Table 2.5 lists the study scenarios and cases in the generation impact study.

Table 2.5. PV Penetration Cases

(MWac) 2014 2016 2018 2020 2022
Compliance
DEC 361 631 785 1,012 1,197
DEP 312 312 334 395 483
Mid
DEC 431 816 1,393 2,006 2,598
DEP 331 506 867 1,248 1,642
Smooth High 2.5% 5% 10% 15% 20%
DEC 500 1,000 2,000 3,000 4,000
DEP 350 700 1,400 2,100 2,000

Three different PV penetration rates were simulated, ranging from the minimum amount to meet state
RPS requirement (compliance scenario) to rates based on current expectations from the interconnection
request queue (mid penetration scenario) to aggressive projections (high-penetration scenario).

Each PV scenario is based on the geographic and size distribution of existing PV installations along
with those in the interconnection queue.

The assumptions of the thermal fleet, load, fuel price, and market transactions come from the Duke
Energy IRPs and consequently change from year to year. PV impacts at different penetration levels were
assessed and compared between compliance, mid and high-penetration cases for the same study year.

2.3.2 Data Inputs, Models and Assumptions

2.3.2.1 Load Data

The system load shape in each study case is based on the 2012 historical system load with
adjustments to include Duke native and co-owned full requirements loads. System load forecast for
future years (from 2014 to 2022) is computed by scaling the 2012 load shape to match the annual energy
and peak forecast of those years as published in the IRP filing, while adjusting for the effect of leap year
as well as different day of week at the beginning of each year.
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2.3.2.2 PV Production Data

To produce PV generation data for the study cases, the output of a representative 1 kW system is
simulated for each zip code in the Duke Carolinas area. Weather from 2012 was used to correlate with
load shape. Production profiles of the 1 kW systems are then scaled up to projected PV installation
capacity in each study year. The projected PV sites in the study cases range from a few kW to a couple
hundred MW of installed capacity. A summary of PV data used is as follows:

e Hourly 2012 PV production time series for each 1 kW-AC system.

e Hourly future production time series for DEC fleet and DEP fleet based on 1 kW-AC 2012
production sets and capacity forecasts for future years and scenarios.

¢ 1-minute resolution 2012 production time series for each 1 kW-AC system.

e 1-minute resolution future production time series for DEC and DEP fleets, scaled as the hourly
data.

2.3.2.3 Generation Data

The Duke Energy generation portfolio extends across three balancing areas in North and South
Carolina. The approximately 36,000-MW portfolio is jointly dispatched to serve customers of the DEC
and DEP areas. The resource mix is described in Figure 2.12.

Resource Mix - Duke Resource Mix - Duke Resource Mix -

Energy Carolinas Energy Progress Combined

i Misc
MZZ;C Hydro 4%
: 9%

Misc
6%

Figure 2.12. Resource Mix of Duke System Fleet

The generation fleet/resource plans used in energy production cost modeling is adopted from IRP
plans for the compliance scenario, which depends on IRP load forecast and PV penetration assumptions
for the compliance scenario in each study year. Therefore, the fleet can be slightly different from year to
year because of generation retirement or new resource build-out as needed, but the conventional
generation mix remains the same for different PV penetration scenarios in the same study year, allowing
the results from these cases to be comparable.

Fuel and emission price forecasts and long-term contracts are also adopted from the IRP plan. Short-
term and spot market transactions are excluded from consideration to reduce additional uncertainties in
the study. Nuclear units are modeled as must-run.

OFFICIAL COPY

Apr 25 2014



SNIDER EXHIBIT 1

2.3.2.4 Pumped Storage

In the DEC system, a cascaded pumped storage (PS) system with 3 reservoirs and 2 groups of
pumps/generators is used for peak shaving. When the PS is in generation mode, it can also provide
regulation service. In the study, pump and generation schedules of the PS system is determined in
GenTrader to optimize the PS system’s energy value. For example, the PS system is set to pump mode
around mid-night to utilize low cost energy during these light load hours, and set to generation mode
during the morning peak to reduce the need of more expensive generation. Reservoir storage levels
determined by the GenTrader schedule are maintained in ESIOS at the end of each operating hour to
maintain this optimality in energy value. In the meantime, ESIOS can dispatch PS generators to perform
regulation. The regulation capability of the PS system is always called on before the thermal generators
because it responds more quickly and at lower cost.

2.3.25 Demand Response

DR programs were modeled in GenTrader as follows:
1. Use call options to model DR programs that can be dispatched economically;
2. Use a strike price as the threshold to control the number of times economic DR’s are called on;

3. Check in the results total number of hours/times DR’s are deployed and make sure they are
reasonable. Adjust DR strike price if necessary;

4. Use a MW estimate fixed for each month/season for each DR program based on DR forecast in
DEC and DEP;

5. Existing entries of DR programs in the planning model sometimes lump several DR programs
together. This simplification was maintained.

An array of existing Duke demand response programs are modeled in GenTrader, including Power
Manager® (residential cycling AC), PowerShare® (commercial energy management), and voltage
control. The MW capability is forecast seasonally by program type. DR is dispatched in GenTrader with
a minimum capacity requirement, similar to generators. Each program is assigned a strike price to
establish a dispatch priority relative to the other programs and limit the number of calls. The hourly
output from GenTrader is passed to ESIOS as a fixed schedule and not considered in the intra-hour
dispatch. Due to the high deployment rate of DA planning reserves and the limited number of calls
available (representing the limitation on the number of deployments) on DR programs, as well as the
advanced notice requirement for most of them, the DR programs are not configured to provide ancillary
services in this study. However, as modeling and control techniques for DR resources are improved to
better manage the above constraints, it should be possible to use DR for ancillary services in the future.
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2.4 Results
2.4.1 PV Production Data

2.4.1.1 Fleet Variability

Generating reserves are based on unanticipated, but probable events, typically weather driven or
outage related. To assess the potential magnitude of reserves needed, the largest variation in PV output
across the various scenarios was identified. An example occurred in the mid-case simulation on
December 29, 2014, for a PV installation on the DEP system. The variation in PV production for this
installation for that day is illustrated in Figure 2.13. Figure 2.14 shows the change in power output for
this same PV system, contrasted with PV output across the entire Duke Energy system, expressed as a
fraction of capacity. The PV fleet output variability for Duke as a whole is less that the variability of a
single PV system. This illustrates the importance of including geographic diversity in an analysis of this
type as well as integrating intermittent generation across a broad area and multiple balancing authorities.

The effect is clearer when ramp rates are sorted from high to low and plotted as a curve. This is
shown in Figure 2.15 where the highest 1percent of highest ramp rates for the example system and the
entire PV fleet are sorted. For the example system, the highest ramp rate was about 65 percent of its AC
rating, whereas for the fleet, the highest ramp rate was about 10 percent of its aggregate rating.

1
0.8 m

0.6 -

Power (kW-AC)

0.4

0.2

4:48 AM
7:12 AM
9:36 AM
12:00 PM
2:24 PM
4:48 PM
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9:36 PM

Figure 2.13. DEP-0285 Production on Day of Peak Ramp Rate (December 29, 2012)
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Figure 2.14. Single System versus DEC Fleet Ramp Rates (December 29, 2012)
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Figure 2.15. Ramp Rate Duration Curves

2.4.1.2  Statistics of Different Clearness Index Days

Approach and Methods

The previous section illustrates the effect cloudiness can have on PV production and required ramp
rates for conventional generators to respond to variations in output. In order to model this effect, a
“clearness index (CI)” was developed using hourly production data based on actual irradiance [11] and
weather conditions to generate a distribution relative to the available “clear sky” energy [13]. Hourly PV
production data based on 2012 weather was produced and aligned with clear sky modeled fleet production
as described in Section 2.2.2.
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Hourly production data was generated first using the hourly averaged irradiance at each location
within the DEC and DEP service territories. Next, individual PV system specifications that were defined
by Duke for each region were simulated on a system-by-system basis, using irradiance and weather as
inputs. The individual system output was modeled both based on the actual irradiance and weather and
also based on the modeled clear sky irradiance. Finally, each individual system output was aggregated to
the total fleet level, for both measured irradiance and modeled clear sky.

Further analysis was conducted to assess the CI distribution for 2012. Taking the hourly energy
output for the DEC and DEP fleets, daily energy totals were summed. The measured daily total energy
for each fleet was then taken as a ratio against the modeled clear sky available energy, called the daily CI.
A relative and cumulative distribution of the daily CI was calculated independently for the DEC and DEP
fleets.

Results

The daily CI for both DEC and DEP were plotted in Figure 2.16, by relative frequency distribution on
scale of 0, being completely dark to 1, being a full sunny day.

From Figure 2.16, we note that greater than 35 percent of days in both regions (141 in DEP, 152 in
DEC) fell above a 90 percent daily Cl. A separate cluster of days seem to fall between a 60 to 90 percent
daily CI, which probably represents days with morning or afternoon cloud formation/dissipation (i.e.
partially cloudy, then clear). Days below 60 percent, down to as low as 8 percent daily CI represent
persistent or transient cloud coverage throughout the entire day. Zero production is not possible within
our measurement technique because of diffuse light energy. Looking at the frequency in cumulative
terms produces Figure 2.17.
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Figure 2.16. Relative Distribution of Daily Energy by Duke Fleet

OFFICIAL COPY

Apr 25 2014



SNIDER EXHIBIT 1

Cumulative Distribution of Daily Energy, by Duke Fleet (DEP, DEC)
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Figure 2.17. Cumulative Distribution of Daily Energy by Duke Fleet

Discussion

While the distribution of daily CI for both DEC and DEP regions follows a very similar trend, there
are notable differences in the results. For the DEP region, a more frequent occurrence in medium (60-90
percent) cloudy days occurs relative to the DEC region. These added, medium cloudy days in the DEP
region are offset by the reduction in low (60 percent or less) cloudy days, In simple terms, the DEC
region tends to have more sun. This is also observed by comparing the median and mean daily CI value
for each region (Table 2.6).

Table 2.6. Median and Mean Daily Cl Values by Duke Fleet

Region Median Daily CI Mean Daily ClI
DEP 78.9% 71.6%
DEC 72.3% 81.5%

While showing daily ClI for the year 2012, results based on longer-term weather measurements could
be useful in generating a larger sample size and an increased confidence interval. This initial estimate
will give a probable range of cloudy to clear days, however, weather from 2012 may not be fully
representative of future weather trends for this region.

2.4.2 Reserve Requirements

2.4.2.1 PV and Net Load Variability

The variability of PV is analyzed by looking at its ramp distribution across multiple different time
intervals, from 1 minute to 60 minutes. The 1-minute ramp is the change that PV could make within 1-
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minute time period. Such ramps are calculated for each 1-minute interval throughout the year and its
distribution can be obtained. A similar procedure is taken to get the distribution of ramps for other time
intervals. The standard deviation (std) of these distributions is compared to that of load and net load to
understand its significance in the combined variability of the system.

Figure 2.18 to Figure 2.21 show the DEC and DEP 2014 compliance case and 2022 high-PV case
results as examples. To provide a context for the comparison of variability between PV and load, DEC
and DEP peak load and installed PV capacity in these cases are shown in Table 2.7. Variability results
for other cases can be found in Appendix A.
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Figure 2.18. Standard Deviation of PV and Load Ramps (compliance case 2014 DEC)
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Figure 2.19. Standard Deviation of PV and Load Ramps (high-PV case 2022 DEC)
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Figure 2.20. Standard Deviation of PV and load ramps (compliance case 2014 DEP)
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Figure 2.21. Standard Deviation of PV and Load Ramps (high-PV case 2022 DEP)

Table 2.7. DEC and DEP Peak Load and Installed PV Capacity in Selected Cases

Case Name Compliance 2014 DEC  High PV 2022 DEC  Compliance 2014 DEP  High PV 2022 DEP
Peak Load (MW) 18,332 20,848 13,016 14,636
Installed PV 361 4,000 312 2,800

Capacity (MW)
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To investigate the relationship between net-load variability and the penetration of PV, the standard
deviations of ramp distribution in each PV case are plotted together. The standard deviations of net-load
ramps are normalized using the corresponding values of load to eliminate the impact from load growth.

This association is shown

in Figure 2.22 to Figure 2.25 for ramps during one and 60-minute period and

for DEC and DEP systems, respectively. More graphs about PV and net-load variability in different
study years and the data values can be found in Appendix A.
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Figure 2.22. One-Minute Variability of all DEC Study Cases (shown as the ratio between net load and
load without PV)
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Figure 2.23. Sixty-Minute Variability of all DEC Study Cases (shown as the ratio between net load and
load without PV)
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Figure 2.24. One-Minute Variability of All DEP Study Cases (shown as the ratio between net load and

load without PV)
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Figure 2.25. Sixty-minute Variability of All DEP Study Cases (shown as the ratio between net load and
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2.4.2.2 Day-ahead Planning Reserve

Day-ahead planning reserve is used to cover combined DA forecast errors of load and PV, as well as
variability within the hour. It is applied to the unit commitment process in GenTrader to ensure sufficient
upward and downward® capacity is available to meet unexpected load and PV changes in real-time
dispatch. The DA planning reserve requirements for DEC and DEP for two study years, 2014 and 2022,
with a low and high-PV penetration level, respectively, are plotted in Figure 2.26 through Figure 2.29.
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Figure 2.26. Planning Reserve Requirements in DEC for the 2014 Low Penetration Case
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Figure 2.27. Planning Reserve Requirements in DEC for the 2022 High-Penetration Case

! The current operation practice at Duke Energy does not involve a DA PR down requirement, other than having a
plan as to what units will be taken off and in what order if there is minimum load or over generation issues. The
reason is that without the presence of significant variable generation, the issue of generation “tripping on”
(generation showing up that was not expected) does not exist. Over generation does not happen very often. With
high penetration of solar, generation can actually “trip on” which requires system operators to manage differently.
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Figure 2.28. Planning Reserve Requirements in DEP for the 2014 Low-Penetration Case
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Figure 2.29. Planning Reserve Requirements in DEP for the 2022 High-Penetration Case

The trends of DA planning reserve in DEC and DEP for the 5 study years are depicted in Figure 2.30
and Figure 2.31. DA planning reserves are compared between different cases using the sum of reserve
requirements of all hours, and normalized by the values in the 2014 reference case. Results for other cases

can be found in Appendix A.

The relation between DA planning reserve requirements and PV penetration rate are shown in Figure
2.32 to Figure 2.35 for DEC and DEP, respectively. The reserve values are normalized using the values
in the corresponding reference cases, i.e., reserve requirements without PV. This way the impact of load
growth in different study years can be eliminated from the trend plots. The plots show that the DA
planning reserve requirements in the DEC and DEP systems increase at a similar or higher rate than the
growth of PV penetration level. The increases in upward and downward reserve requirements are roughly

symmetrical.
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Figure 2.32. Planning Reserve Up of All DEC PV Cases (shown as the ratio between the requirements
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Figure 2.33. Planning Reserve Down of All DEC PV cases (shown as the ratio between the
requirements of PV case and corresponding reference case)

OFFICIAL COPY

Apr 25 2014



SNIDER EXHIBIT 1

=
)

L
#

I
©

B Low
Mid
¢ High

(Normalized)
(=]
o

e
n

o
o

DEP DA Planning Reserve UP

0 T T T 1
0.0% 5.0% 10.0% 15.0% 20.0%

PV Capacity Penetration

Figure 2.34. Planning Reserve Up of All DEP PV cases (shown as the ratio between the requirements of
PV case and corresponding reference case)
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Figure 2.35. Planning Reserve Down of All DEP PV Cases (shown as the ratio between the
requirements of PV case and corresponding reference case)

The data values of reserve requirements for all study cases can be found in Appendix A.

2.4.2.3 Regulation Reserve

Regulation reserve is used to cover the minute-by-minute variation of load and PV. The RR
requirement is applied to AGC generators in the unit commitment process in GenTrader, to ensure
sufficient upward and downward capacity is available on AGC units to respond to fast changes in the
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system. The RR requirements for DEC and DEP for two study years, 2014 and 2022, with a low PV
penetration level are plotted in Figure 2.36 through Figure 2.39, respectively.
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Figure 2.36. Regulation Reserve Requirements in DEC for the 2014 Compliance Case
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Figure 2.37. Regulation Reserve Requirements in DEC for the 2022 High-Penetration Case
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Figure 2.38. Regulation Reserve Requirements in DEP for 2014 Compliance Case
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Figure 2.39. Regulation Reserve Requirements in DEP for 2022 High-Penetration Case

The trends of RR of the PV cases in DEC and DEP for the 5 study years are depicted in Figure
2.40and Figure 2.41. Regulation reserves are compared between different cases using the sum of reserve
requirements of all hours, and normalized by the values from the 2014 reference case. Results for other
cases can be found in Appendix A.
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Figure 2.40. Trend of the Regulation Reserve Requirements of the PV Cases in DEC
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Figure 2.41. Trend of Regulation Reserve Requirements of the PV Cases in DEP

The relation between RR requirements and PV penetration rate are shown in Figure 2.42 to Figure
2.45 for DEC and DEP, respectively. The reserve values are normalized using the values of the
corresponding reference cases, i.e., reserve requirements without PV. This way the impact of load growth
in different study years can be eliminated from the trend plots. Comparing with planning reserve
requirements in Figure 2.32 to Figure 2.35, it can be observed than regulation requirements increase much
faster. At 20 percent PV capacity penetration level, regulation requirements becomes 2 to 2.5 times of
that of the reference case. Downward regulation requirements increase faster than the upward

OFFICIAL COPY

Apr 25 2014



SNIDER EXHIBIT 1

requirements in both the DEC and DEP systems. The data values of reserve requirements for all study
cases can be found in Appendix A.
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Figure 2.42. Regulation Reserve Up of All DEC PV Cases (shown as the ratio between the requirements
of PV case and corresponding reference case)
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Figure 2.43. Regulation Reserve Down of All DEC PV Cases (shown as the ratio between the
requirements of PV case and corresponding reference case)
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Figure 2.44. Regulation Reserve Up of All DEP PV Cases (shown as the ratio between the requirements
of PV case and corresponding reference case)
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Figure 2.45. Regulation Reserve Down of All DEP PV Cases (shown as the ratio between the
requirements of PV case and corresponding reference case)

2.4.3 Control Performance of PV Cases

One of the goals of the study is to identify potential challenges with meeting NERC control
performance standards at high-PV penetration rates. This is measured using CPS2 compliance level as
calculated by ESIOS after minute-by-minute dispatch of the system. The desired level of CPS2 scores in
the Duke systems based on operating experience is between 95 to 99 percent. In the study, attempts were
made to maintain CPS2 within this desired range for both PV and reference cases, by adjusting reserve
requirements, peaking unit operating strategy, and AGC control parameters inside ESIOS. The CPS2 of
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PV and reference cases are also made comparable to allow a fair comparison of production costs. Figure
2.46 to Figure 2.49 are examples of the CPS2 plots for DEC and DEP.
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Figure 2.46. CPS2 of 2014 Compliance Case, DEC
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Figure 2.47. CPS2 of 2014 Compliance Case, DEP
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DEC CPS2 2022
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Figure 2.48. CPS2 of 2022 High-Penetration Case, DEC
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Figure 2.49. CPS2 of 2022 High-Penetration Case, DEP

2.4.4 PV Integration Cost

The integration cost captured in the study comes from the additional reserve requirements and intra-
hour dispatch of AGC, peaking and PS units, which are adjusted to balance generation and load. The
extra wear and tear caused by more startups and output adjustments is not considered. The total
production cost in each case is calculated by combining results from GenTrader and ESIOS simulations.
The difference between ESIOS and GenTrader costs on AGC, peaking and PS units, which are
redispatched in ESIOS based on GenTrader schedule, is added to the GenTrader production cost. The
difference between the total production costs of the PV case and the corresponding reference case is the
PV integration cost. This cost is then divided by the total PV energy to become the integration cost per
MWh of PV energy.
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To help understand the results in Figure 2.50 and Figure 2.51, it is worth pointing out that main
factors affecting PV integration cost include resource mix and fuel prices, besides PV penetration rate.
Because the IRP used to determine resource mixes in the study cases does not change by PV penetration
scenarios, the cases in the same study year represent the same resource mix. Differences in PV
integration costs for the same PV penetration rate shown on the curves for different years can result from
changes on both resource mix and fuel price forecasts.

In the IRP used for the study, 2014 and 2016 cases had the same resource mix, while more efficient
combined cycle and peaking units were added to later-year cases. The more efficient units can contribute
to the following of system variability at a lower cost. This contributes to the result where 2016 cases
show higher integration costs than those of 2018, but are more in line with the trend shown by 2014 cases.
Difference in PV integration cost in years 2018 to 2022 results should be attributable to both increases in
fuel price forecasts and changes in resource mixes. Figure 2.50 and Figure 2.51depict the relation
between PV integration cost and its energy and capacity penetration rates.
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Figure 2.50. Integration Cost as a Fraction of PV Energy to Load Energy (MWh)
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Figure 2.51. Integration Cost as a Fraction of PV Capacity to Peak Load (MW)

Figure 2.52 to Figure 2.54 show the integration cost by the type of generation resources." More
detailed cost breakdown within each generation type (startup, O&M and fuel cost) can be found in
Appendix A.
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Figure 2.52. PV Integration Cost by Generation Type — Compliance Case

! The total integration costs shown in the cost breakdown figures are slightly different than the costs in Figure 2.52
(more accurate numbers) because of the differences between GenTrader and ESIOS in the definitions of cost
components. When these components are taken from the each program and stacked up directly, small errors are
introduced.
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Figure 2.53. PV Integration Cost by Generation Type — Mid-Penetration Case

$12.00

$10.00

$8.00

$6.00

$4.00

$2.00

$0.00

-$2.00

2014 2016 2018 2020 2022

m Market
mES
mCT
mAGC

W Base

Figure 2.54. PV Integration Cost by Generation Type — High-Penetration Case

As mentioned above, fuel is significant part of PV integration cost, and the upward fuel price
forecasts reflect themselves on the penetration cost curves in Figure 2.50 and Figure 2.51. Similar levels
of PV penetration cost more as the penetration date ranges further into the future. Effort was made to
remove this bias by looking at the integration cost as percentage of the total portfolio cost. This way the
impact of upward fuel price forecast is eliminated since the fuel price impacts both the nominator and
denominator at the same ratio. The resulting curve is fairly smooth and can be approximated by a simple
second degree polynomial as shown in Figure 2.55.
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The polynomial equation below captures the relationship between PV penetration and cost of
integration with less than 1 percent error (R*=0.9912) where Y is the PV integration cost as percent of
total portfolio cost and X is the PV generation as percent of total system generation:

Y = 4.4107 = X? + (0.0219 = X) + 0.0007 (5)

3.0%p [-- - mmmmmm e e e e e e e e
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Figure 2.55. Relationship between PV Integration Cost as Percent of Total Portfolio Cost and PV
Generation as Percent of Total System Generation®

PV integration results in needs of additional reserves and more cycling of conventional units and thus
incurs cost due to efficiency loss and increase startup and O&M costs, as discussed in Section 2.2.3.1.
One day with high-PV production in the 2022 high-penetration case was selected to illustrate PV energy’s
impact on the dispatch of conventional units. The results by generator functions (base load, AGC and
peaking) are shown in Figure 2.56 and Figure 2.57 for comparison between the PV and reference cases.

Similar comparison by fuel types (nuclear, coal and natural gas) are shown in Figure 2.58 and
Figure 2.59. Note that AGC units consist of both coal and natural gas-fired units. Resource types other
than those shown in the plots include market transactions and diesel and oil fuels, which are relatively
small in energy contribution. Pumped storage in the DEC system was also left out deliberately to avoid
overlapping the areas of other generators when the PS is in pumping mode and showing as negative
generation.

! Contributed by Pedram Mohseni with Duke Energy.
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Figure 2.56. Combined DEC and DEP Generation Dispatch in the High-PV Case by Functions
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Figure 2.57. Combined DEC and DEP Generation Dispatch in the High Reference Case by Functions
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Figure 2.58. Combined DEC and DEP Generation Dispatch in the High-PV Case by Fuel Types
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Figure 2.59. Combined DEC and DEP Generation Dispatch in the High Reference Case by Fuel Types

2.5 Generation Study Findings and Discussions

251  Study Findings

The study found that system net-load variability increases with PV penetration. As a result, with PV
penetration increasing to 20 percent of peak load in the integration cases, system DA planning reserve
requirements (not including contingency reserve) increase to 130 percent, and RR requirements increase
to 240 percent of the values without PV (reference cases). An illustration of reserve requirements trend
can be found in Figure 2.32 and Figure 2.42, and for convenience of readers, they are plotted here again
Figure 2.60 and Figure 2.61.
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Figure 2.60. DA Planning Reserve Up of All DEC PV cases (shown as the ratio between the
requirements of PV case and corresponding reference case)
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Figure 2.61. Regulation Reserve Up of All DEC PV cases (shown as the ratio between the requirements
of PV case and corresponding reference case)

The Duke Energy system was able to maintain reliable operations in dispatch simulations, evaluated
in terms of meeting ancillary service requirements and the target compliance level with NERC CPS, with
the caveat that contingencies were not modeled. Under the study conditions, Duke Energy’s generation
fleet showed to be capable of accommodating PV with an installation capacity of up to 6800 MW, the
highest level investigated in this study.

Simulation results indicate PV integration imposes additional costs on the conventional generating
fleet, resulting from the need of additional reserves and cycling of conventional generators to compensate
for PV variability. Although total system production cost decreases at higher PV penetration rates (when
cost of PV energy is not included), the unit cost for conventional generation to serve the same amount of
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energy increases with each increase in PV on the system. Based on the load, resources, fuel prices and

other assumptions made in the study, PV incurs an integration cost that ranges from $1.43 to $9.82 per

MWh of PV energy (Figure 2.62, a duplicate of Figure 2.51), in comparison with reference generation.

This result is in line with other similar studies [3][4]. The result also exhibits a trend of increasing unit
PV integration cost at successively higher PV levels. Note that this conclusion does not incorporate the
results from the study of losses on the transmission and distribution system.

10 T T T T T T T T

Integration Cost ($/MWh)
[o)]

1
2 4 6 8 10 12 14 16 18 20
PV Capacity vs. Peak Load (%)

1 1 1 1

Figure 2.62. PV Integration Cost as a Fraction of PV Capacity to Peak Load (MW)

252 Discussions on Limitations and Future Studies

It should be noted that projected PV system sizes and locations, future load growth, resource mix and
fuel prices, are a few assumptions with great impact on study results. Although they were carefully made
with the best data available, future system conditions will be different. The sensitivity of PV integration
cost to PV locations, fuel prices, and even thermal generation build-out should be investigated, in addition
to the defined scenarios, to fully understand the impact of these assumptions on study results.

Of similar importance to the above assumptions are the simulation models and their parameters, such
as PV production, DA and real-time forecasts, unit commitment and economic dispatch, AGC, and
operator actions. New study tools and procedures to model PV production and system operations were
applied in the study. In some places necessary simplifications were made to produce the results timely,
while in other cases reasonable improvements to operational procedures were modeled to deal with high-
PV penetration rates.

For example, PV fleet forecasts for DEC and DEP in DA and real time were incorporated in reserve
requirements calculations, which do not yet exist in real practice. Unit commitment was performed using
actual load and PV production, instead of forecasted values as what happens in reality. Dynamic
operating reserves that vary with hour of the day were applied in the unit commitment process. These
models and parameters should be checked against real-world data for effectiveness as operation
experience at significant PV penetration rates is accumulated over time.
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In summary, refined model assumptions, additional validation of modeling tools, and improved study
procedure should be attempted in future studies. Contingencies caused by conventional resources and
affected by PV systems should be considered. Frequency response of the system at high-PV penetration
rate, which was left out of the scope of this study, should also be investigated.

The same set of assumptions and models which affect study results significantly also point to the
directions of operation and technology improvements for a smooth transition toward the high-PV energy
mix. The improvements can be categorized into the following aspects:

1. Increase fleet flexibility — More flexible and efficient fleet tends to have a lower PV integration
cost and better control performance, which should be taken into consideration in new generation
build-out. Storage and demand response are other effective approaches to meet such goals. Fleet
flexibility can also be improved by coordinating the balancing operations of DEC and DEP.

2. Reduce uncertainty and variability — Incorporating PV forecast into operation processes and
improving forecast accuracy can directly reduce operation uncertainty. Aggregation of PV
production in the two areas through BA coordination increases diversity and reduces total reserve
requirements, which further helps lowering PV integration cost. Research is going on to reduce
additional reserve requirements induced by PV variability through controlling power production
ramp rate and providing regulation service by PV inverters.

Efforts to make the above improvements are certainly not free. Nonetheless, the attempts should be
worthy if their costs are a fraction of the potential PV integration costs. These improvement solutions
need to be assessed through future studies.
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3.0 Transmission Study

3.1 Scope

The objective of this exercise was to study the impact of 1197 MWs installed AC nameplate capacity
of distributed PV on the transmission system. Specifically, the focus was on the sub-transmission system
(44-kV and 100-kV) to determine the potential for over-voltage that violates operational limits. The study
also looked at impacts on transmission real power losses and reactive power consumption. The study
focus was on the DEC system because the analytic tools used for the study are currently used on the DEC
system but not the DEP system. Nevertheless, the general findings should apply to the DEP system as
well.

The 1197 MWs of distributed solar PV represents the compliance case developed in the generation
study. Based on the current interconnection queue and existing operating solar PV, this level of
penetration should provide a reasonable first-view of impacts on the transmission system.

3.2 Methodology

Four seasonal models were created, a summer peak load day, a spring light load day, a fall light load
day, and a winter light load day. A winter peak case was not developed as the DEC system winter peak
occurs after sunset and before sunrise. This approach, to use four representative days for each season, is
common among transmission planners at Duke and many other utilities. More robust modeling
approaches may need to be developed to better evaluate the impacts of significant penetrations of DG.

For each season two power flow models were created, first a base power flow model without PV
generation then a second power flow model with PV generation. The power flow models are full nodal
models for the Eastern Interconnection for year 2012. The net interchange of the Duke system with
neighboring balancing authorities was kept constant in both cases; therefore, selected Duke Energy units
were de-committed and/or the power generated was reduced to compensate for the generation increase in
the power flow cases with PV (i.e., rebalance generation to load).

3.3 Data Inputs

For each power flow model, transmission loads were coincident metered loads for all delivery
substations at the selected hour of simulation in 2012.

Assuming solar generation requirements for Duke Energy will reach 1197 MW by 2022, both
distribution and transmission studies analyze the impacts of 1197 MW of solar that is assumed to be
mainly installed on the distribution grid. To do this, the existing connected sites as well as the pending
sites in the interconnection queue were evaluated. An algorithm was created to prorate the difference
between the existing known solar sites by county and the required 1197 MW. After the solar was
allocated to each county the plan was reviewed to verify there was no foreseeable reason why the
allocation was not possible.
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The second step was to allocate the solar in each county down to the individual substation and circuit.
A spreadsheet with all of the substations and circuits by county was created. First, all of the existing
connected solar sites and pending solar sites were allocated to the correct circuit. This accounted for 550
MW with system sizes ranging from 750 kW to 5 MW.

To allocate the remaining 647 MW, existing data and staff expertise was used to determine what
system sizes should be connected to the individual circuits in each county. For example, in Mecklenburg
County the majority of the interconnection requests are small residential roof top units with a few
scattered 500 kW or smaller commercial systems. Residential circuits were assumed to have small solar
systems, 2-4 kW, allocated across the circuit whereas circuits that are more commercial in character were
assumed to have 100 kW — 500 kW size systems. Depending on the type of load on the circuit, PV
installations were added by distributing small scale solar along the main trunk line (residential) or in a
smaller number of larger installations (commercial). This process was continued until all 647 MW was
allocated to the correct counties.

After applying the allocation, 473 out of 2545 feeders and 262 out of 661 substations had DG added
to the circuit, varying between 2 and 30,000 kVA of solar DG installed. For the purpose of this study,
solar sites were distributed along the backbone section of all circuits and not along tap lines.

Solar generation is both intermittent and variable; therefore 15 minute averaged meter data does not
provide the granularity needed to fully understand operational impacts at the transmission and distribution
level. At the time of the study, there were only nine existing solar sites on the Duke system in operation
with two-way communication installed. Electronic re-closers, circuit breakers equipped with a
mechanism that can automatically close the breaker after it has been opened due to a fault, were installed
at these sites as a protection device to allow immediate capability to disconnect the site from the
distribution grid. As an added bonus, these devices also provide real-time data. The electronic re-closers
provided the study with 3-minute averaged production data. Only seven of the nine solar sites had been
in production for over a year therefore data from those seven where used to create a representative solar
production curve and the power factor curve by season. The seven sites total 14.7 MW in inverter
capacity. Covariance analysis was completed and showed that the sites are all 72 to 92 percent correlated
despite some being over 80 miles apart.

To create the season production curves and power factor curves the data for all the sites was separated
into the following seasons:

e Spring — March 2013, April 2013, May 2013

e Summer — June 1-17 2013, June 18-30 2012, July 2012, August 2012

o Fall — September 2012, October 2012, November 2012

o Winter — December 2012, January 2013, February 2013.

The daily 3-minute data from each site was then averaged to create the simulation production curve
for every 3 minute during the day. Figure 3.1 shows the chart for the averaged seasonal production

curves based on the seven solar PV sites referenced above. The summer curve is not as smooth as the
spring, winter or fall curve due to seasonal showers and thunderstorms.
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Figure 3.1. Averaged Seasonal Production Curves of Seven Solar Sites

The 3-minute data was then averaged over each hour and divided by the AC Inverter nameplate

capacity for each site to develop the PV capacity curve as shown in Figure 3.2. It is important to note that

this “representative” curve is an average across the season. As a result, the summer peak output is
approximately 65 percent of nameplate. This curve was used throughout the transmission study.
Accordingly, statements about total installed capacity reflect 65 percent of that capacity. In other words,
full nameplate capacity was not evaluated; therefore, conclusions about impacts at 100 percent of
nameplate capacity cannot be drawn from study results.
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Figure 3.2. Measured PV Output on Average in PU of AC Inverter Nameplate Value
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SNIDER EXHIBIT 1

PV sites in the distribution system were aggregated to the nearest transmission substation buses in the
power flow model and tagged as load zone PV. In each power flow case with PV, the power output for
the selected simulated hour was aggregated at the substation level and it was modeled as negative load
supplying both active and reactive power operating at 0.97 lagging power factor, i.e., the aggregated PV
will supply reactive power equals to 25 percent of its real power output. The choice of this power factor
is based on historical recorded measurements of current selected distributed PV in the DEC system. It
should be noted that interconnection requirements for the state of North Carolina allow power factor to
range between 0.95 lagging to 0.95 leading. It is also worth noting that advanced inverters and controls
can manage reactive power such that this is not an issue. However, none of these were among the
systems used for this study.

The power factor profile shown in Figure 3.3 was also created using the 3-minute data from the sites.
It is important to note, however, to maximize production several developers are installing additional
panels to increase production as well as dynamically changing the power factor to maximize energy
production (kWh) while still maintaining an average power factor required in the interconnection
agreement.
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Figure 3.3. Measured PV Power Factor at Current Connected Solar Sites

The following sections cover the power flow simulations that were performed to study system bus
voltage regulation, and transmission losses. Comparisons of capacitor and reactor banks switching in
different areas of Duke Energy transmission system are given in Appendix B.
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SNIDER EXHIBIT 1

3.4 Results

341 Summer Peak Hour Load Case

34.1.1 2012 Summer Peak Model Details

The 2012 summer peak model was created using substation loads from July 26, 2012 at 5:00 PM,
with total load of 20,107 MW. PV was modeled by adding 671 MWs of distributed PV to the summer
base case and reducing conventional generation by an equal amount. The PV generation output at each
system load bus was calculated by multiplying the installed PV capacity at each site by the average
summer PV capacity factor for 4:00 P.M. and 5:00 P.M. The distribution of PV output at different areas
of the 44-kV and 100-kV systems are given in Figure 3.4 and Figure 3.5, respectively.
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Figure 3.4. PV Output in the Summer Case at Different Areas in the 44-kV Sub-Transmission
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Figure 3.5. PV Output in the Summer Case at Different Areas in the 100-kV Sub-Transmission
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3.4.1.2 Summer Case- Voltage Profiles

SNIDER EXHIBIT 1

Highest observed voltage magnitudes in the PV case at different areas of the 44-kV and 100-kV
systems are shown in Figure 3.6 and Figure 3.7, respectively. Each segment in the graph shows voltage
profiles at selected 25 buses with the highest voltage in the corresponding area.

No significant increase in voltage magnitudes were found between the 2012 summer base model
without PV and the summer PV model. Loading and voltage regulation of the transmission system under
normal operation were found to be within planning guidelines for both.
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Figure 3.6. Highest Voltage Profiles — Summer Case 44-kV Sub-Tranmission
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